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Abstract: 
 
In last years, there has been a growing interest in the effect of reducing salinity of 
injected water in oil recovery. Many studies have showed that low salinity 
waterflooding is a promising method that can lead to a significant reduction in 
residual oil saturation compared to traditional waterflooding. The mechanisms behind 
improved oil recovery by low salinity waterflooding are not fully understood, but 
many researchers have claimed wettability alteration. 
In this study, the effect of low salinity waterflooding on improving oil recovery is 
investigated in six Berea sandstone cores. In addition a combined low salinity and 
surfactant-polymer slugs injection were carried out in tertiary mode to determine and 
optimize its effectiveness in increasing oil production.  
The results of this study indicated that the performance of low salinity waterflooding 
was affected by wettability of the cores. Thus, investigating the potential of increasing 
oil recovery by low salinity waterflooding requires establishing initial reservoir 
wettability state (non-waterwet).  
The tertiary low salinity surfactant-polymer slugs injection showed an increased in oil 
recovery with increasing size of surfactant slug injected at constant surfactant 
concentration. The wettability of the cores had impact on the efficiency of the slugs 
injected on oil recovery. 
A low salinity polymer slug injected at the end with higher concentration resulted in 
producing additional oil from the cores. However the performance of this injection 
varied due to different residual oil saturation obtained after tertiary low salinity 
surfactant and polymer slugs injection.  
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1. Introduction: 
 
Water-flooding is the most used method among fluid injection methods to improve 
recovery from oil reservoir. The purpose of waterflooding is to maintain the reservoir 
pressure and sweep the mobilized oil toward the producing wells. The residual oil 
trapped in the reservoir after waterflooding can be mobilized by using enhanced oil 
recovery (EOR) techniques. The EOR is defined as oil recovery by injection of 
materials that are not normally present in the reservoir such as surfactants and 
polymers [1]. The main objectives of the EOR methods are to increase the volumetric 
displacement efficiency and/or to remobilize oil that is capillary trapped in the water 
flooded zones therefore reducing the residual oil saturation.  
In the last decade, a consideration has been given to study the effect of water 
chemistry in the performance of oil recovery. Reducing salinity of the injected water 
has been shown experimentally to increase oil recovery compared to the high salinity 
waterflooding in both secondary and tertiary mode [29,31,34]. 
In this thesis, an experimental investigation has been carried out to study the effect of 
reducing salinity of the injected water and to determine and optimize the effectiveness 
of a combined process of low salinity surfactant and polymer slugs injection as 
tertiary mode. 
The investigation of fluid flow in a porous medium requires understanding of the 
fundamental concepts and properties of rock and fluids. These fundamentals will be 
described in chapter 2. 
Chapter 3 of this thesis, includes a review of previous studies performed on low 
salinity waterflooding and the proposed mechanisms behind increased oil recovery. 
In chapter 4, the principles of enhanced oil recovery techniques are described and the 
fundamental concepts about surfactant and polymer are listed in chapter 5 and 6 
respectively. 
The experimental apparatus and procedures used during the study are explained in 
chapter 7. Chapter 8 includes the chemical composition and the preparation 
procedures of the fluids samples used either for displacement experiments or for other 
measurements. 
The main results of the measurements and experiments conducted are presented and 
discussed in chapter 9 followed by conclusion of the study in chapter 10. 
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2. Fundamental Concepts and Definitions: 
 
The fundamental concepts and properties of a porous medium should be understood in 
order to investigate and study the fluid flow in the rock. In this chapter, the basic and 
special rock properties and the liquid properties are defined and discussed. 
 
2.1  Basic Core Properties: 
 
2.1.1  Porosity: 
porosity is a measure of the void space within a rock that is available for storage of 
fluids and it is expressed as a fraction of the bulk volume of the rock as shown by 
equation 2.1. It is one of the most important rock properties in describing porous 
medium and it is classified based on connectivity into total porosity and effective 
porosity as illustrated in figure 2.1 . Total porosity is defined as the ratio of total pore 
space - taking into account the interconnected and disconnected pores - to the bulk 
volume of the rock. While the effective porosity is defined as the ratio of the 
interconnected pore space to the bulk volume.  
 
   
  
  
                                                                                  
 
 
Fig. 2.1 : Illustration of porosity of porous medium with (1) matrix , (2) 
interconnected pores, (3) disconnected pores. 
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The fluids flow inside the rock through the connected pores, therefore it is the 
effective porosity which is of importance to reservoir engineering. In this 
experimental work the measured porosities are effective porosities. 
Porosity is controlled by many factors such as, rock type, grain size and shape, grain 
sorting and packing, cementation, and compaction. The typical porosity of the two 
major rock types which are sandstone and carbonate are found to be in the region of 
15% to 40%  [1]. 
 
2.1.2 Absolute Permeability: 
Another important parameter of a porous medium is permeability. In general, 
permeability is a measure of the ability of a porous material to allow fluids to pass 
through it. When the pore volume of the rock is fully saturated with single fluid, the 
permeability measured by definition is the absolute permeability of the rock. 
Darcy's law is used to measure the absolute permeability of horizontal linear flow and 
it is given by equation 2.2 : 
 
   
             
    
                                                                      
 
where,   is the flow rate,   is the absolute permeability of the rock,   is the cross 
sectional area of the rock,    is the pressure difference across the measuring points,   
is the viscosity of the flowing fluid and   is the length of the rock. The negative sign 
in the equation takes into account the pressure decline is in the direction of flow. The 
unit of the permeability is called Darcy which is equivalent to m
2
 in the SI unit's 
system.  
 
 
Fig.2.2 : Illustration of measuring permeability of core plug in laboratory [5]. 
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The above equation is valid under the following conditions [50]: 
 The core should be 100% saturated with only one fluid. 
 Steady-state laminar viscous fluid flow within the core. 
 No reactions between the fluid and core. Common reactions that must be 
avoided are water hydrating clays in the rock matrix, water dissolving 
minerals, such as slat, in the rock matrix and small rock particles (fines) 
moved within the rock matrix. 
Permeability is an isotropic property where the vertical permeability is lower than 
horizontal permeability. During the depositional time, the presence of grain-scale or 
layer-scale heterogeneities which have a preferred orientation is thought to be the 
reason of the permeability anisotropy [51]. The burial digenetic processes including 
compaction, dissolution, and cementation of grains may further modify the 
permeability anisotropy [4]. 
The grain structure and grain size of the rock influence both the porosity and 
permeability where clean, coarse grain sandstone and oolitic limestone have large 
pores and high permeability. While fine grain sandstone and intercrystalline limestone 
have small pores and low permeability [50]. 
 
 
2.1.3  Fluid Saturation: 
Different type of fluids such as gas, oil and water, could present in the pore space of 
the rock and the volume of each fluid is determined by its saturation. Therefore, fluid 
saturation is the measure of the fluid volume present in the pore volume of the rock. It 
is referred as a fraction and defined as : 
water saturation:                                                                                   
oil saturation:                                                                                         
gas saturation:                                                                                        
 
The summation of the fluids saturation is equal to unity since the pore space is 
completely filled with fluids. 
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2.2  Special Core Analysis: 
The special core analysis to measure rock properties which are affected by rock and 
fluids are defined in this section. 
 
2.2.1  Effective and Relative Permeability: 
In a petroleum reservoir, the rock is usually saturated with two or three fluids. The 
flow of each fluid will be affected by the presence of other fluids therefore, each fluid 
will has different permeability. This permeability referred as effective permeability 
which defined as the measure of the conductance of a porous medium for one fluid 
phase when the medium is saturated with more than one fluid.  
Darcy's law is extended to describe multiphase flow and effective permeability under 
steady state conditions as given by equation 2.6: 
 
       
         
      
                                                                     
 
where,        is the effective permeability of phase i ,    is the viscosity of phase i ,   
is the length of the core,    is the volumetric flow of the phase i ,   is the cross-
sectional area of the core,     is the pressure difference of the phase i. 
Effective permeability ranges between 0 and absolute permeability, K, and the sum of 
the effective permeabilities is always less than the absolute permeability [3]. 
The ratio of effective permeability of a fluid at a given saturation to the absolute 
permeability is defined as relative permeability as shown by equation 2.7: 
        
      
 
                                                                               
Relative permeability must be between zero and one and it is strongly affected by 
fluid saturation, geometry of the pore spaces, pore size distribution, wettability, and 
fluid saturation history. The curve of the relative permeability is normally plotted as a 
function of the water saturation. Figure 2.3 shows a typical curves of relative 
permeability of two phase system oil and water in strongly water-wet and strongly oil-
wet conditions. 
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Fig. 2.3: Typical water/oil relative permeability of (a) strongly water-wet system and 
(b) strongly oil-wet system [13]. 
 
Some observations can be noted from figure 2.3 regarding the effect of wettability in 
the relative permeability curves: 
 The connate water saturation, Swi, is higher in strongly water-wet system 
compared to strongly oil-wet system. 
 As the water saturation increases the water relative permeability increases and 
the oil relative permeability decreases. The increase in the water relative 
permeability  is more pronounced in the strongly oil-wet system because of 
water flow through the large pores. 
 The end-point relative permeability to water measured at maximum water 
saturation is generally less than 0.3 in strongly water-wet system while in 
strongly oil-wet system it is greater than 0.5. 
 The relative permeability to water and to oil are equal at water saturation 
higher than 0.5 for strongly water-wet system and less than 0.5 for strongly 
oil-wet system. 
 
 
2.2.2  Capillary Pressure:  
In reservoir engineering capillary pressure is a major factor controlling the fluid 
distribution in reservoir rock. It is the most fundamental rock-fluid characteristic in 
multi-phase flow. The capillary pressure defined as the pressure difference existing 
across the interface separating two immiscible fluids [52]. This pressure difference is 
7 
 
caused by the interfacial tension effect that makes curved interface, therefore 
generally the capillary pressure,   , is defined as : 
                                                                                    
where   is the interfacial tension between the fluids and   is the shape of the interface 
between the two fluids. 
When oil and water present in the porous medium, one fluids (for example water) 
wets the surface of the formation rock in preference to the other fluid (for example 
oil). In this case, water is called the wetting phase and oil is called the non-wetting 
phase. The capillary pressure then defined by Laplace's equation [14]: 
             
 
  
 
 
  
                                                          
 
where    is the oil pressure,    is the water pressure,   is the interfacial tension 
between oil and water and    and    are the radii of the interface curvatures. 
When fluids other than oil and water are used, the capillary pressure is usually defined 
as : 
                                                                                    
 
However in most porous medium the capillary pressure is very difficult and 
complicated to be determined. The capillary tube experiment which consider the 
porous medium as a collection of capillary tubes is used to measure the capillary 
pressure as a function of geometry, wettability and interfacial tension. Figure 2.4 
shows a capillary tube immersed in air-water and oil-water systems where the water 
which is the wetting phase in these systems rises in the tube due to capillarity.  
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Fig. 2.4: Pressure relation in capillary tube for air-water (left) and oil-water (right) 
systems [53]. 
 
The capillary pressure is expressed in term of the tube radius and the interfacial 
tension as follows: 
    
        
 
                                                                                
where   is the interfacial tension between the fluids,   is the contact angle measured 
through the denser fluid, and   is the capillary tube radius. Also the capillary pressure 
in the above systems is related to the height at which the wetting phase rises inside the 
capillary tube. In case of oil-water system the relation is given by [53]: 
 
                                                                                  
 
where    and    are the oil and water pressure,    is the density of water,    is the 
density of oil,   is the acceleration due to gravity, and   is the height of the water 
column in the capillary tube with respect to reference point. 
In laboratory, capillary pressure is measured as a function of the wetting fluid 
saturation. Therefore, capillary pressure curve can be plotted as shown in figure 2.5 
which represents the oil/water capillary pressure curve of water-wet system. There are 
two types of fluids displacement process which are drainage and imbibition process. 
In the drainage process the non-wetting phase displaces the wetting phase in the 
porous medium which cause a decrease in the wetting phase saturation. While in the 
imbibition process the wetting phase displaces the non-wetting phase in the porous 
medium leads to an increase in the wetting phase saturation. 
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Fig. 2.5: Capillary pressure curve of oil/water system measured for water-wet Berea 
sandstone [14]. 
 
From the figure above the following observations are noted: 
 In the drainage process the oil needs minimum pressure to start displacing 
water from the porous medium. This pressure is called the threshold pressure 
and it is the pressure needed to invade the largest pores of the porous medium. 
 As the oil pressure increases the capillary pressure increases too and the oil 
displaces more water from the system. The water saturation decreases until no 
more water can be displaced and the capillary pressure increases to large 
values. The water saturation at this capillary pressure is called the irreducible 
water saturation,    , as illustrated by point (A) in the figure 2.5. 
 When the capillary pressure is reduced the water starts to imbibe into the 
system displacing the oil. The oil saturation decreases until there is no more 
oil can be displaced and the capillary pressure goes to large negative value. 
The oil saturation at this point – represented by point (C) in the figure 2.5 - is 
called the residual oil saturation,    . 
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2.2.3  Wettability: 
Wettability of the reservoir is the most important factor that strongly controls the 
location, flow, and the distribution of fluids inside the reservoir. It also affects almost 
all types of core analysis including waterflood behavior, relative permeability, 
capillary pressure, irreducible water saturation, residual oil saturation, dispersion, 
simulated tertiary recovery, and electrical properties [12,50]. 
Wettability is defined as '' the tendency of one fluid to spread on or adhere to a solid 
surface in the presence of other immiscible fluids'' [12]. Therefore it is referred to the 
interactions between solid and fluid phases. In the reservoir the tendency of the rock 
to preferentially imbibe water, oil or both determines its wettability. When the rock 
has the tendency to imbibe water it is called water-wet rock and the water tends to 
occupy the small pores and contact the majority of the rock surface. While in oil-wet 
rock the oil occupies the small pores and contact the majority of the rock surface. 
However it is necessary to understand that wettability means the wetting preference 
and does not necessarily refer to the fluid in contact with the rock at any given time 
[12]. 
 
Fig. 2.6 : Illustration of contact angle, fluid-fluid, and solid-fluid interactions in oil-
water-solid system [65]. 
 
When oil and water are in contact with solid surface, as shown in figure 2.6, there will 
be fluid-fluid and solid-fluid interactions which represented by Young's equation [1]: 
 
                                                                                       
 
where    ,    ,    , are the interfacial tension between oil-water, solid-oil, and solid-
water respectively, and   is the contact angle which measured through the denser 
phase. The wettability of the surface is determined by the direct measurement of 
contact angle where equation 2.13 can be rearranged into: 
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where contact angle,  , of 0 indicates strongly water-wet surface while contact angle 
of 180 indicates strongly oil-wet surface. When the contact angle is less than 90 (0 
<   < 90) the system is known as weakly water-wet while the system with contact 
angle greater than 90 ( 90 <   < 180 ) is known as weakly oil-wet. Contact angle of 
90 indicates that the system is neutral which means the surface has same affinity 
toward water and oil.  
A general classification of wettability based on contact angle is done by Anderson 
[12] were the rock is considered to be water-wet for contact angle between 075 , 
intermediate-wet for contact angle between 75105, and oil-wet for contact angle 
between 105180. However the intermediate wettability is divided into three sub-
classes which are fractional-wet (FW), mixed-wet large (MWL) and mixed-wet small 
(MWS) as shown in figure 2.7 [6, 20, 21]. 
 
 
Fig. 2.7 : Illustration of intermediate wettability states [26]. 
 
In fractional wettability, the rock has local area that are strongly oil-wet, whereas 
most of the reservoir is strongly water-wet. This variation in local wettability is due to 
variable mineral compositions and surface chemistry of the rock. In mixed-wet large, 
the wetting phase is continuous where the largest pores are oil-wet while the small 
pores are water-wet. In mixed-wet small, the smallest pores are oil-wet while the 
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largest pores are water-wet. Mixed-wet small is regarded as a more unconventional 
mixed-wet state [21, 24]. 
Most common laboratory techniques that are used to measure wettability are the 
Amott method and USBM test which measure the average wettability of the core [13, 
24]. Several studies showed that the wettability affects the residual oil saturation and 
oil recovery, see figure 2.8, where the minimum residual oil saturation and maximum 
oil recovery  is obtained when the system is near neutral wettability or intermediate 
wettability [14, 20, 21].  
 
 
 
Fig. 2.8: Variation in waterflood remaining oil saturation over 350 core floods from 
30 different oil reservoirs [20]. 
 
The wettability also affects the relative permeability curves of water and oil ( see 
section 2.2.1 effective and relative permeability). The effect of wettability on the 
water/oil relative permeability curves is noted where the effective permeability of the 
wetting phase is lower than the effective permeability of the non-wetting phase. This 
is explained by the higher resistance of the wetting phase to flow while the non-
wetting phase flows easily through the large pores. 
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2.3  Liquid Properties : 
In the following section, the basic liquid properties which will be studied are 
described. 
 
2.3.1  Viscosity: 
The viscosity of fluid is an important property in analyzing fluid behavior and motion 
in porous medium and it is defined as a measure of a fluid's resistance to flow. 
Viscosity describes the internal friction of a fluid to deformation when a force is 
applied to move the fluid which can be illustrated by parallel plate model. 
 
 
Fig. 2.9 : Illustration of parallel plate model. 
 
Consider a fluid is trapped between two horizontal plates as shown in figure 2.9. 
When a force, F, is applied to the upper plate the adjacent layer of the fluid to that 
plate will move in the direction of the applied force. The adhesive force will cause 
movement transmission to the neighboring layers of fluid below but with diminishing 
magnitude. This causes a decrease in velocity of each fluid layer down to the bottom 
plate where velocity is at minimum (     ). In this system, the applied force is 
called a shear stress and the resulting deformation rate of the fluid is called shear rate 
[19]. Therefore, the viscosity of the fluid is described mathematically as follows: 
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where   is the fluid viscosity,   is the shear stress which is the force,  , per unit area, 
 , exerted by the fluid on the upper plate in the x-direction,    is the shear rate which 
is defined as velocity gradients      . 
The basic SI unit of viscosity is Pascal second [     ] where 1             . 
The most used unit of viscosity is centipoise [cp] where 1 cp = 1000     . 
The viscosity described by equation 2.15 is used only for laminar or streamline flow 
where it is referred to the molecular viscosity or intrinsic viscosity. While when the 
flow is turbulent the viscosity is comprised of contributions from the motion in 
addition to the intrinsic viscosity [19]. 
When the fluid viscosity is independent of shear rate, then the fluid is called a 
Newtonian fluid and a plot of the shear stress versus shear rate of the fluid results a 
straight line with a slope of viscosity, as shown in figure 2.10. While the fluid with a 
viscosity dependent on the shear rate is called non-Newtonian fluid such as polymer 
solutions.  
 
Fig 2.10 : Flow curves illustrating Newtonian and non-Newtonian fluid behavior [12]. 
 
The fluid viscosity largely depends on the temperature where the increase in  
temperature causes a reduction in the viscosity. Therefore, the temperature should be 
controlled during the measurement for accurate results. The pressure has a small 
effect in the viscosity of liquids and it requires a very high pressure to affect the 
viscosity. 
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2.3.2  Interfacial/Surface Tension: 
When two immiscible phases are in contact with each other, the molecules at the 
interface experience different molecular interaction than the molecules in the bulk. 
This is caused by an imbalance of forces at the interface that lead to an excess free 
energy which defined as interfacial tension and thermodynamically expressed as 
[7,54]: 
    
  
  
                                                                                         
 
where   is the interfacial tension,    is the free energy of the two phase system, and 
   is the surface area of the fluids. From equation 2.16 the interfacial tension can be 
defined also as the energy required to increase the surface area of the interface by a 
unit amount. The SI unit of interfacial tension is J/m
2
 , however the common used unit 
are dynes/cm or mN/m.  
Generally when one of the two phases in contact is a gas, the excess energy exists at 
the interface is referred to as surface tension while when both of the phases are liquid 
it is referred to as interfacial tension. The interfacial tension is affected by 
temperature, pressure, and compositions of each phase. 
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3. Low Salinity Waterflooding: 
 
3.1 Introduction: 
Water-flooding is the most used method among fluid injection methods to improve 
recovery from oil reservoir. For over 100 years, the mechanisms of improving oil 
recovery by water-flooding have been thought of as physical mechanisms where 
water-flood maintains the reservoir pressure and sweeps the mobilized oil towards the 
producing wells. 
In most of the oil reservoir, the sources used for water-flooding were mainly aquifer 
water and seawater which are high salinity water. In the last decade, a consideration 
has been given to the effect of  water chemistry - the amount and composition of salt 
in the water used for flooding – in the oil recovery. Several studies were considered to 
investigate the effect of decreasing the salinity of the injected brine in improving the 
performance of waterflooding. 
Low salinity waterflooding process involves injecting brine with a lower salt content 
or ionic strength. The ionic strength is typically in the range of 1000 – 5000 ppm 
which is much lower than the formation water or seawater. The low salinity 
waterflooding causes a shift in the thermodynamic equilibrium between crude oil, 
brine and rock system, that has been established during the geological time, which 
tends to favor improved oil recovery. 
Several laboratory studies demonstrated the potential of low salinity water-flooding to 
improve oil recovery where the core flood experiments showed increase in oil 
recovery in both secondary and tertiary mode [29,31,34]. In addition, field trial of low 
salinity water-flooding has been carried out and showed significant success [33]. 
 
 
3.2 Summary of Previous Studies in Low Salinity Waterflooding : 
 
Jadhunandan and Morrow [28] studied the variables that control the wettability of 
crude oil/brine/rock systems and investigated the relationship between wettability and 
oil recovery by waterflooding. Aged Berea sandstone cores with different aging 
temperature and period were used for more than 50 slow-rate laboratory waterfloods. 
Brines formulated from      and       with varying concentrations were used to 
saturate the cores and also for displacement tests. The results of the study showed that 
aging temperature, intial water saturation, brine composition and crude oil are 
significant factors in determining the wettability of the crude oil/brine/rock system. 
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Wettability was measured after waterflooding and showed that for Moutary crude oil 
water wetness tends to decrease as calcium-ion content increases while for ST-86 
crude oil the wettability was insensitive with changing in the brine composition at any 
level of wettability. Oil recovery by waterflooding for the crude oil/brine/rock 
systems studied increased with change in wettability from strongly water-wet to a 
maximum at close-to-neutral wettability. 
Yalidiz and Morrow [27,34] extended the research of Jadhunandan and Morrow by 
studying the effect of brine composition in oil recovery by waterflooding. Berea 
sandstone cores aged for 10 days were tested using Moutray crude oil [27] and 
Prudhoe Bay crude oil [34]. Two brine compositions were used, sodium brine (4% 
NaCl + 0.5% CaCl2 ) and calcium brine (2% CaCl2 ) for displacement experiments. 
Different types of tests were conducted by varying the brine used to saturate the core 
or for displacement process. The tests in which the same brine was used for core 
saturation and displacements referred to as standard waterfloods. While tests in which 
the brine composition is changed one or more times during the test are referred to as 
mixed-brine tests. The study showed that in standard waterfloods when Moutary 
crude oil used, calcium brine gave higher oil recovery than sodium brine and the 
imbibition rate test indicated that calcium brine achieved less water wet conditions. In 
the other hand when Prudhoe Bay crude oil used, the standard waterfloods showed 
higher recovery for sodium brine than calcium brine. 
In mixed-brine tests for Moutary crude oil, changes in brine composition found to be 
favorable to recovery as compared to standard waterfloods . The highest recovery was 
achieved when the core was initially saturated by calcium brine and subsequently 
flooded first with sodium brine until residual oil saturation thereafter flooding by 
calcium brine. However, mixed-brine tests for Prudhoe Bay crude oil gave oil 
recovery curves that fell between the standard waterfloods. Also, the breakthrough 
recoveries were intermediate to values for standard waterfloods. In these researches, 
the effects of brine composition found to be highly specific to the crude oil and aging 
conditions. 
Sharma and Filoco [29,30] found that at a fixed connate water salinity of 3% NaCl, 
the oil recovery does not change by varying the salinity of the injected brine (0.3%, 
3%  and 20% NaCl) using Prudhoe Bay crude oil. However they observed that as the 
salinity of the connate water is decreased, the oil recovery increased. Therefore they 
suggested the connate water to be the primary factor controlling the oil recovery. 
They attributed this dependence on connate water salinity to the change in the 
wettability from water-wet conditions to mixed-wet conditions leading to lower 
residual oil saturation. 
In 2006 Zhang and Morrow [31] conducted a series of core floods, both in 
secondary and tertiary mode. Four sets of Berea sandstone cores based on their 
permeability (60mD , 400mD , 500mD and 1100mD) were tested in the experiments. 
Three types of crude oil were used (CS crude, Minnelusa crude and a crude oil called 
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A) and the brines were prepared from distilled water and reagent grade chemicals 
corresponded to Minnelusa reservoir brine. In low salinity water flooding, the 
synthetic reservoir brine were diluted by a factor of 0.01. Based on the results and the 
observations of their experiments, sandstone properties are concluded to be the most 
significant factor in improved recovery by injection of low salinity brine. If injection 
of low salinity brine improves recovery, response is usually observed for both 
secondary and tertiary mode. The oil recovery of the outcrop sandstone were found to 
be depended on initial water saturation where higher initial water saturation gave a 
higher recovery for low salinity brine. Berea sandstone that has a permeability in the 
range of 60mD to 140mD does not usually responded to injection of low salinity 
brine. This lack of response was concluded to be related to the presence of relatively 
high amounts of chlorite in the cores. 
Tang and Morrow [32] investigated the effect of temperature and composition of 
brine and oil on wettability and crude oil recovery by both spontaneous imbibition 
and waterflooding. Berea sandstone with three crude oils designated as Dagang, 
Prudhoe Bay and CS and three kinds of synthetic reservoir brines designated as 
Dagang (DG), Prudhoe Bay (PB) and CS were used in the displacement tests. The 
salinity of the brines was varied by diluting the original concentration of total 
dissolved solids in proportions. The study concluded that the salinity of the connate 
and invading brines can have a major influence on wettability and oil recovery at 
reservoir temperature. The water wetness and/or oil recovery by spontaneous 
imbibition and oil recovery by waterflooding increases with a decrease in salinity of 
both the connate and invading brine or decrease of either. In addition, they found the 
water wetness and oil recovery increased with increase in displacement temperature 
for all crude oils. Aging at high water saturation can increase water wetness. 
In 2005, a hydraulic unit was converted to inject low salinity brine into an Alaskan 
reservoir by switching a single injection pad from high salinity produced water to low 
salinity water. An injector well and two close production wells were selected within a 
reasonably well constrained area. Lager and Webb [33] did a detailed analysis of the 
production, and the chemical composition of the produced water to show the effect of 
injection brine composition in improving recovery at reservoir scale. The salinity of 
the produced water used for injection was 16640 ppm of total dissolved solids, while 
the low salinity brine used has a salinity of 2600 ppm of total dissolved solids. The 
production data indicated that the process was successful where the oil production 
increased and the water cut dropped from 92% to 87%.   
The produced water chemistry data showed that after 5 months of low salinity brine 
injection, the salinity in the well MPL-07 started to decline whilst the salinity from 
the well MPL-11 stayed above 12000 ppm TDS. This response from the well MPL-11 
was attributed to the presence of sealing fault between the injector and the well and 
that was confirmed by seismic survey. The data also showed that the magnesium ion 
(Mg) concentration in produced water of well MPL-07 changed dramatically during 
the implementation of low salinity brine injection whereas the calcium ion (Ca) 
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concentration did not exhibit such changes. Additionally, the response of the reservoir 
to low salinity water injection was confirmed by single well chemical tracer test. The 
results showed there was no difference between high salinity water and the produced 
water. The non-optimized low salinity water decreased the Sor by 2 saturation units 
whilst the optimized brine lowered the Sor by 10 saturation units compared to the high 
salinity water. 
 
 
3.3  Suggested Mechanisms of Low Salinity Waterflooding: 
Many studies during the last years have shown the effect of low salinity waterflooding 
in improving the oil recovery over the high salinity waterflooding in sandstone. This 
effect has been investigated and observed in both secondary and tertiary mode. A 
number of mechanisms have been suggested in the literature to explain the increase in 
oil recovery due to low salinity waterflooding. Necessary conditions for observing the 
effect of low salinity were identified by systematic experimental work done by Tang 
and Morrow[32,62] and with some points taken from the work done by researchers at 
BP [33,63]. The listed conditions are [41,45,47]: 
 Significant clay fraction must be present in the sandstone. 
 Presence of initial formation water. 
 Formation water must contain divalent cations that are, Ca2+ , Mg2+. 
 Crude oil must contain polar components where no effect of low salinity 
waterflooding have been observed using refined oil. 
 The rock should be exposed to the crude oil to create mixed-wet conditions. 
 
The crude oil/brine/rock interactions is highly affecting the performance of the low 
salinity waterflooding therefore it is more complicated to understand the recovery 
mechanisms under various circumstances. Probably the different mechanisms acting 
together during the low salinity waterflooding causing the increase in the oil recovery. 
 
 
3.3.1 Fine Migration: 
Tang and Morrow [62] studied the influence of the brine composition on crude 
oil/brine/rock interactions and oil recovery. They observed during their labrotary 
coreflood experiments on Berea sandstone an increase in the crude oil recovery with a 
decrease in the salinity of the brine injected. In addition they noticed during the low 
salinity waterflooding that fine particles, especially kaolinite, were eluted. 
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Furthermore Berea sandstone were fired and acidized in order to stabilize the clays 
and then tested for low salinity waterflooding. The crude oil recovery of fired and 
acidized cores was found to be independent in the salinity of injected brine. Therefore 
they proposed that the fine particles mobilization play a key role in the sensitivity of 
oil recovery to salinity.  
In order to explain the proposed mechanism, the DLVO (Deryaguin-Landau-Verwey-
Overbeek) theory of colloidal was used. The balance between the mechanical and 
colloidal (DLVO) forces determine the stripping of mixed-wet fines from the pore 
walls. When the salinity of the injected brine is reduced, the electrical double layer 
between particles in the aqueous phase is expanded thus the tendency for stripping 
fines will increase causing an improve in oil recovery. [62] 
The increase in the recovery caused by the fine migration could be explained by either 
wettability alteration or diversion of flow. The first mechanism requires an initial 
wettability state of weakly water-wet to mixed-wet state. In this wettability range, the 
mixed-wet particles are formed by adsorption of the polar components in the crude oil 
to the rock surface. Injecting low salinity brine will cause the mixed-wet particles to 
detached from the rock surface therefore increasing the wettability toward more 
water-wet. 
The fine particles could accumulate at the pore throat resulting in blocking some of 
the flow channels. This will divert the flow into unsweept area therefore causing an 
increase in oil recovery. This was observed by a reduction in the permeability when 
low salinity brine was injected. However core flood experiments done by BP have 
shown neither fines were produced in the effluent nor reduction in permeability [18]. 
 
 
3.3.2  pH Variation: 
Some laboratory experiment studies have shown an increase in the effluent pH during 
the low salinity waterflooding [17,18]. This increase in the effluent pH is explained 
by two concomitant reactions occur inside the cores which are carbonate dissolution 
and cation exchange as follows: 
 
         
       
                                                                            
   
            
                                                                   
  
The carbonate dissolution (i.e. calcite and/or dolomite) results in an excess of     
and cation exchange occurs between invading water and clay minerals. The 
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dissolution reactions are relatively slow and dependent on the amount of carbonate 
material present in the rock [18]. The clay minerals will change    ions from the 
invading phase with cations previously adsorbed. Thus decreasing the concentration 
of    ions in the liquid phase which will give a rise in the pH.  
Based on the evidence of increasing pH during the low salinity waterflooding, 
McGuire et al [17] suggested that low salinity waterflooding behaves in fashion 
similar to alkaline flooding.  Like alkaline flooding, low salinity waterflooding causes 
a reduction in the interfacial tension between reservoir oil and water. This is resulted 
from in-situ generation of surfactant occurs when the oil is contacted by the elevated-
pH low salinity water. In addition, the elevated-pH water alters the wettability of the 
reservoir towards more water-wet therefore increasing the oil recovery. 
However, contradictory evidence throws doubt on accepting this mechanism as cause 
of increasing oil recovery by low salinity waterflooding. The alkaline flooding 
requires high acid number to generate enough surfactant to induce wettability reversal 
and/or emulsion formation [64]. In contrast, low salinity waterflooding increased 
recovery even for crude oil with a very low acid number. No obvious correlation has 
been found between the increase in the oil recovery due to low salinity waterflooding 
and the acid number of the crude oil [18]. In addition, some core flood experiments 
observed a small change in the effluent pH of about 1 unit and it concluded that pH is 
not responsible for the increase in oil recovery due to the injection of low salinity 
water [48]. 
 
 
3.3.3 Multicomponent Ionic Exchange (MIE): 
In 2006 Lager et al. [18] has proposed multicomponent ionic exchange as 
predominant mechanism that causes the increased oil recovery by low salinity 
waterflooding. The results of detailed analysis carried on the effluent of low salinity 
water injection done for North slope cores gave the evidence for multicomponent 
ionic exchange (MIE). The effluent analysis showed a sharp decrease in the 
concentration of Mg
2+
 and Ca
2+
 where their concentration dropped lower than the 
concentration in the injected low salinity brine. This indicates that the rock matrix has 
strongly retained Mg
2+
 and Ca
2+
.  
According to these results the multicomponent ionic exchange (MIE) was suggested 
to be responsible for improved oil recovery by low salinity waterflooding. The 
extended DLVO theory presents eight possible different mechanisms of organic 
matter adsorption onto clay mineral, see table 3.1. The dominant mechanism strongly 
depends on the condition of the clay surfaces and the organic functional group in the 
oil phase. Four of the eight mechanisms are strongly affected by cation exchange 
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occurring during low salinity waterflooding which are cation exchange, cation 
bridging, ligand boinding, and waterbridging. 
Cation exchange occurs typically when molecules containing quaternized nitrogen or 
heterocyclic ring is replaced by metal cations initially bond to clay surfaces. The 
direct formation between a multivalent cation and a carboxylate group is referred as 
ligand bonding. Cation bridging is a weak adsorption mechanism between polar 
functional group and exchangeable cations on the clay surface. Water bridging occurs 
when the exchangeable cation is strongly solvated. 
 
Table 3.1: Adsorption mechanisms of organic material onto mineral surface [65]. 
 
 
The multivalent cations at the clay surface will tend to bond with polar compounds 
present in the oil phase thus forming organic-metallic complexes. These complexes 
have been shown to promote oil-wetness at the clay surfaces. Simultaneously, some of 
organic polar compounds will be adsorbed directly to the mineral surface causing an 
increase in the oil-wetness of the clay surface. By reducing the salinity of the injected 
brine, the multicomponent ionic exchange (MIE) mechanism will take place by 
replacing the organic polar compounds and organo-metallic complexes in the clay 
surface with uncomplexed cations. This desorption of polar compounds from the clay 
surfaces leads to a more water-wet state thus increasing oil recovery. 
Lager et al. [18] preformed an experiment on North Slope core in purpose to test the 
multicomponent ionic exchange (MIE) mechanism. In the experiment all the 
multivalent cations present on the mineral surface were replaced by Na
+
 and two shut-
ins were performed to make sure that no carbonate was left undissolved. The core was 
flooded first with high salinity NaCl brine, followed by injection of low salinity NaCl 
brine. Then a tertiary low salinity brine containing Ca
2+
 and Mg
2+
 was performed.  
The first high salinity waterflooding (only containing NaCl) resulted a higher oil 
recovery due to the absence of oil adsorption by ligand formation and multivalent 
cation bridging and exchange. The injection of low salinity NaCl brine showed no 
additional oil recovery as all the mobile oil would have been mobilized already by the 
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primary high salinity waterflooding and no organo-metallic complexes are present to 
be adsorped. The tertiary flooding by low salinity brine contains Ca
2+
 and Mg
2+
  also 
showed no additional oil produced because the meniral surface contains only the 
monovalent cations (i.e. Na
2+
). These results indicated that waterflooding causes a 
higher recovery irrespective of salinity when the Ca
2+
 and Mg
2+
 removed from the 
rock surface. Therefore this experiment confirmed the importance of MIE in the low 
salinity waterflooding mechanism. 
 
 
3.3.4  Wettability Alteration and Double Layer Expansion : 
The most frequently suggested cause of improved oil recovery by low salinity 
waterflooding is the wettability alteration usually towards more water-wetness [45]. 
Tang and Morrow [32] concluded from their studies that the water wetness and/or oil 
recovery by spontaneous imbibition and oil recovery by waterflooding increase with a 
decrease in salinity. Also, other researchers have seen the increased recovery of low 
salinity combined with wettability alteration of the cores [44,66]. 
The initial wettability state of the cores can be altered during the wettability 
restoration where the crude oil would be adsorbed on the clay surfaces through 
specific interactions. This wettability alteration strongly depends on the stability of 
the water film exists between oil and mineral surface. The ability of oil to rapture the 
water film and therefore change the wettability of the clay surfaces explained by the 
concept of disjoining pressure,  [2,26,67]. The disjoining pressure is an additional 
pressure within the water film and it represents the sum of the attractive and repulsive 
forces between the oil/water and clay/water surfaces. It depends on the water film 
thickness and increases positively as the interfaces approach each other until a critical 
disjoining pressure is reached at critical separation distance. Then further decrease in 
the water film will change the disjoining pressure from positive to negative leading to 
collapse the water film and thus altering wettability. 
Ligthelm et al [44] explained the wettability alteration during the low salinity 
waterflooding as an effect of double layer expansion. In high salinity brine the 
presence of sufficient multivalent positive cations lead to lower the negative electrical 
potential at the slipping plane between the charged surfaces (oil and clay minerals) 
and the brine solution, see figure 3.1. Multivalent cations are believed to act as 
bridges between negatively charged oil and clay minerals and in high saline 
environment oil could react with clay surfaces resulting in forming organo-metalic 
complexes therefore change the local wettability. By lowering the brine salinity, the 
reduction in the multivalent cations will reduce the screening potential of cations. 
Therefore the electrical double layer will expand and the absolute level of zeta 
potential will increase. This in turn results in increasing the electrostatic repulsion 
between oil and clay particles. When the repulsive forces exceed the bidding force via 
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multivalent cations bridges the oil might be desorbed from the clay surface. This 
would cause wettability alteration towards increasing water wetness.   
 
 
Fig.3.1 : Illustration of bonding between clay surfaces and oil in highly saline and low 
saline brine environment [44]. 
  
The experiments carried by Ligthelm et al [44] showed that low salinity waterflooding 
causes wettability modification towards increasing water wetness. They suggested 
that the mechanism of wettability alteration by low salinity injection relies primarily 
on expansion of electrical double layers and to lesser extent on cation exchange 
processes. 
 
It seems from the suggested mechanisms in the literatures that probably different 
mechanisms acting together during the low salinity waterflooding causing the increase 
in the oil recovery. The multicomponent ionic exchange with double layer expansion 
could act together to alter the wettability toward more water-wet state therefore 
improve oil recovery. The release of fine particles and the increase in the pH could be 
attributed as effects of low salinity waterflooding rather than the mechanisms that 
cause the increase in oil recovery. However in many studies of low salinity 
waterflooding these effects have not been observed. 
 
 
25 
 
4. Enhanced Oil Recovery (EOR): 
The recovery mechanisms of an oil reservoir are typically divided into three stages 
which are primary, secondary and tertiary recovery. In primary recovery stage, the 
drive mechanisms of recovery are natural water displacing oil toward wells, 
expansion of gas cap in the top of the reservoir, expansion of dissolved gas in the oil, 
and gravity drainage. These mechanisms are called natural drive mechanisms. During 
the primary mechanisms the reservoir pressure is depleted and at some point there 
will be insufficient reservoir pressure to produce oil therefore secondary recovery 
methods are implemented. These methods rely on supply an external energy into the 
reservoir by injecting fluids to increase reservoir pressure and to displace the oil 
toward the production wells. Water-flooding and gas injection are the most common 
secondary recovery mechanisms. The recovery factor after primary and secondary 
recovery stages is normally between 35 and 45% [71]. 
In order to increase the recovery, tertiary recovery mechanisms which known as 
enhanced oil recovery mechanisms were introduced. The EOR is defined as oil 
recovery by injection of materials not normally present in the reservoir such as 
surfactants and polymers [1]. The main objectives of the EOR methods are to increase 
the volumetric displacement efficiency and/or to remobilize oil that is capillary 
trapped in the water flooded zones therefore reducing the residual oil saturation. 
The recovery factor,    is defined as : 
                                                                                                
where the ratio of the amount of oil produced,   , to the amount of oil originally in 
place,  , is equal to the product of the microscopic displacement efficiency,   , times 
the volumetric displacement efficiency,     . According to the above equation the oil 
recovery could be increased by i) improving the volumetric sweep efficiency which 
can be done by getting a favorable mobility ratio, and/or by ii) increasing the 
microscopic displacement efficiency by lowering the interfacial tension between the 
fluids.  
 
4.1 Mobility Ratio, M:  
The mobility, , of a single fluid in a porous medium is defined as the ratio of the 
effective permeability of the fluid to the viscosity of that fluid :  
 
   
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where   is the mobility of the fluid ,     is the relative permeability of the fluid,   is 
the absolute permeability of a given medium and    is the viscosity of the fluid.  
The mobility ratio, M, is defined as the mobility of the displacing phase (for example 
water) divided by the mobility of the displaced phase (for example oil) as represented 
by equation 4.3 : 
   
 
 
  
       
       
                                                                         
 
The mobility ratio is often given in the term of the end point mobility ratio : 
    
   
    
        
                                                                                     
where    
  is the end-point relative permeability of water at residual oil saturation and 
   
  is the end-point relative permeability of oil at initial water saturation. 
The mobility ratio has a significant impact on the stability of displacement process. 
The favorable displacement process is attained when the mobility ratio is low (   1). 
At this condition the displacement will be in form of a piston like displacement when 
the porous medium is considered to be homogenous. Therefore this will give a late 
water break-through and smaller tail production. While a mobility ratio of greater than 
one (  > 1) gives unfavorable displacement process which will cause an early water 
break-through and long tail production of oil [1]. 
However the mobility ratio can be modified to be favorable by: i) Increasing the 
viscosity of the displacing phase (e.g. adding polymer to the injected water).  ii) 
lowering the viscosity of the displaced phase (e.g. thermal injection such as steam 
injection) or iii) decreasing the end-point relative permeability of displacing phase 
(e.g. adding polymer to the injected water). 
 
 
4.2  Capillary Number and Capillary Distribution Curve: 
During the immiscible displacement, the capillary force is responsible for trapping oil 
in the porous medium. A dimensionless ratio called the capillary number,   , is 
introduced which is the ratio of viscous force to capillary force and it is described by 
the use of Darcy's law as follow: 
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where   is the Darcy's velocity of the displacing fluid,   is the viscosity of the 
displacing fluid, and   is the interfacial tension between the displacing fluid and 
displaced fluid. Many studies have shown that the residual oil saturation is related to 
the capillary number and the relationship is described graphically by a capillary 
distribution curve (CDC) [22,23,56].  
A typical plot of capillary distribution curve is shown in figure 4.1 where at low 
capillary number,   , the residual oil saturation,    , is constant and this is called 
plateau region. At a critical capillary number a knee occurs in the curve and the 
residual saturation starts to decrease. Most of the water floods are well onto the 
plateau region of the capillary distribution curve [1]. 
 
 
Fig. 4.1: Typical capillary distribution curve (CDC) [56]. 
 
The capillary distribution curve is affected by the pore size distribution and 
wettability of the porous medium. Figure 4.2 shows the effect of the pore size 
distribution on the curve where as the pore size distribution gets wider, the knee in the 
capillary distribution curve will be less pronounced.  
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Fig. 4.2 :  Effect of the pore size distribution on the CDC curve [56]. 
 
A high capillary number,   , is required in order to achieve low,     after water flood. 
Therefore, to increase the capillary number, one of the following should be done: 
 Increase the velocity of the injected fluid. However a large increase in the 
velocity could cause a formation damage.  
 Increase the viscosity of the injected fluid which can be done by adding 
polymer to the injected fluid. 
 Reduce the interfacial tension between the displacing fluid and displaced fluid 
and this can be done by adding surfactant to the injected fluid. 
 
 
 
 
 
 
 
 
 
 
29 
 
5. Surfactant: 
 
5.1  Surfactant Properties: 
surfactant or surface-active agent is a substance which tends to reduce the surface 
tensions and interfaces between any two immiscible phases  of  liquid, allowing for 
easier spreading. A surfactant molecule is amphiphilic, that has a polar water-soluble 
portion, or moiety (hydrophilic component) attached to a non-polar insoluble 
hydrocarbon chain (lipophilic component) as shown in figure 5.1. This dual nature of 
the surfactant makes it reside at the interface between aqueous and organic phases 
thereby lowering the interfacial tension. 
 
 
Fig. 5.1 : Illustration of a surfactant molecule by " tadpole" symbol, where the polar 
head group is the hydrophilic component and the non-polar tail is the lipophilic 
component. 
 
 
5.2 Types of Surfactants : 
Surfactants are classified into four main groups according to their charge and nature 
of their polar moieties (i.e. hydrophilic head) as illustrated in figure 5.2 [1,55]. 
Anionic surfactant contains negatively charged polar head group (e.g. sulphates, 
sulfonates, phosphates and carboxylates). These surfactants are dissociated in water in 
an amphiphilic anion and a cation, which is in general an alcaline metal (Na+, K+ ) or 
a quaternary ammonium. They are the most used surfactants in the oil recovery 
because they are soluble in the aqueous phase, efficiently reduce IFT, relatively 
resistant to retention, stable, and not expensive.  
Cationic surfactant contains positively charged polar head group and it is dissociated 
in water into an amphiphilic cation and an anion, most often of the halogen type. A 
very large proportion of this class corresponds to nitrogen compounds such as fatty 
amine salts and quaternary ammoniums, with one or several long chain of the alkyl 
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type, often coming from natural fatty acids. This type of surfactants have little use due 
to the high adsorption by the anionic surfaces of interstitial clays. 
Non-ionic surfactants are bearing no apparent ionic charge and they do not ionize in 
aqueous solution because their hydrophilic group is of a non-dissociable type, such as 
alcohol, phenol, ether, ester, or amide. A large proportion of these nonionic 
surfactants are made hydrophilic by the presence of a polyethylene glycol chain, 
obtained by the polycondensation of ethylene oxide. These surfactants are mainly 
used as co-surfactants. 
Amphoteric surfactants also called  Zwitterionic surfactants contain two charged 
head groups of different signs e.g. carboxylate as anionic and ammonium as cationic. 
Some amphoteric surfactants are insensitive to pH, whereas others are cationic at low 
pH and anionic at high pH, with an amphoteric behavior at intermediate pH. 
Amphoteric surfactants are generally quite expensive and have not been used in oil 
industry. 
 
 
Fig. 5.2: Classification of surfactant. 
 
When an anionic surfactant is dissolved in an aqueous phase, molecules of the 
surfactant start to dissociate into a cation (Na+) and an anionic monomer. At low 
concentration the surfactants are in the monomer form and if the concentration is 
increased, the monomers start to aggregate themselves into more energetically 
favorable form called  micelles with lipophilic parts oriented inward and hydrophilic 
parts outwards. Further increase in the surfactants concentration causes only increase 
in the micelles concentration and not in that of monomers as illustrated in figure 5.3. 
The concentration at which micelles are formed is called critical micelles 
concentration (CMC) and it is a characteristic of a particular surfactant. The CMC is 
typically quit low therefore the surfactant is predominantly in micelle form at nearly 
all practical concentrations.  
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Fig. 5.3: Critical micelles concentration (CMC) [56]. 
 
When an aqueous phase with the dissolved surfactant contacts an oleic phase the 
surfactant, due to its dual nature tends to align at the interface so that the hydrophilic 
parts (heads) are in the water phase and lipophilic parts (tails) are in the oleic phase. 
As the concentration of the surfactant increases at the interfaces, the interfacial 
tension (IFT) between the two phases reduces dramatically. However, this process 
leads to the alteration of the solubility of the surfactant in the bulk oleic and aqueous 
phases which, in turn, might affect the interfacial tension. Thus, exploring the 
properties of surfactant – oil – brine behavior enables us to predict and to optimize the 
flood process. 
 
 
5.3  Phase Behavior:  
The surfactant – oil – brine (SOB) phase behavior is described  by ternary diagrams 
introduced by Windsor 1954 [57]. In the ternary diagram the temperature and pressure 
are held constant and each corner of the diagram represents 100% of one of the three 
components of SOB system. 
Salinity of brine has been reported to be the most important factor affecting the 
surfactant – oil – brine (SOB) behavior. Depending on the brine salinity three 
different types of phase systems can be formed. 
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Fig. 5.4: Schematic representation of surfactant type II(-) system. 
 
 
At low brine salinity, a typical surfactant will exhibit good aqueous phase solubility 
and poor oil phase solubility. Near the brine-oil boundary there will be an excess oil 
phase that is essentially pure oil and a water-external microemulsion phase that 
contains brine, surfactant and some solubilized oil in swollen micelles. This type of 
phase environment is called a type II(-) system which means that no more than two 
phases can be formed and the tie line within the two-phase region have a negative 
slope, see figure 5.4. 
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Fig. 5.5 : Schematic representation of surfactant type II(+) system. 
 
 
At high brine salinity, shown in figure 5.5, the surfactant solubility in the aqueous 
phase will be drastically reduced due to electrostatic forces. The overall composition 
within the two phase region will split into an excess brine phase and an oil-external 
microemulsion phase that contains most of the surfactant and some solubilized brine 
in inverted swollen micelles. This type of phase environment is called type II(+) 
system which means no more than two phases can be formed and the tie line within 
the two phase region have a positive slope.  
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Fig. 5.6: Schematic representation of surfactant type III system. 
 
At a salinities between the two extremes presented so far, there must be a continuous 
change between type II(-) and II(+) systems. There is no salinity where the solubility 
of the surfactant in the brine- and oil-rich phases are exactly the same, but there is a 
range of salinities where a third surfactant rich phase is formed. The mixture splits 
into excess oil and brine phases and into a microemulsion phase. This environment is 
called a type III system and it has two IFT's: between oil and microemulsion and 
between microemulsion and brine, see figure 5.6. 
 
It has been observed in the experiments that type III system gives the lowest 
interfacial tension which makes this phase environment attractive for oil recovery by 
surfactant flooding as shown in figure 5.7 [1,8,9,10]. However the surfactant 
formulation should also consider retention and solubility of surfactant in addition to 
low interfacial tension. The optimum surfactant system is the system that gives low 
interfacial tension, low retention in the reservoir rock, and good solubility in the 
injected brine [58]. 
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Fig. 5.7 : Interfacial tension versus brine salinity [58]. 
 
 
5.4  Surfactant Retention: 
Surfactant retention is one of the most important factors that are affecting the 
economic feasibility of surfactant flooding. It is referred to the loss of surfactant 
concentration in the solution to the formation which will lead to less flooding 
efficiency. Therefore it is significantly important to determine the surfactant retention 
in order to design an efficient surfactant flooding. There are four mechanisms that 
cause the surfactant retention which are [1]: 
Adsorption: 
Surfactant monomers adsorbed through hydrogen bonding and ionically bond with 
cationic surface sites. At and above the critical micelle concentration, the supply of 
monomers becomes constant, as does the retention. 
Precipitation:  
In hard brines, the presence of divalent cations may cause formation of undesirable 
surfactant-divalent complexes that may precipitate. This will cause a decrease in the 
surfactant flooding performance. 
Ion exchange:  
When brine hardness is at level somewhat lower than those required for precipitation, 
ion exchange reactions between clay surface and the brine/surfactant system may 
occur which cause surfactant retention. 
Phase trapping: 
In phase environment of type II(+) and in the presence of oil, the surfactant will reside 
in the oil-external microemulsion phase. As interfacial tension of this phase 
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environment is relatively large because it lies above the optimal salinity region, the 
oil-external microemulsion and the dissolved surfactant can be trapped in the pores. 
However, the dominant surfactant retention mechanism of the above mentioned 
mechanisms for a given application is not obvious. At high salinity and hardness, all 
mechanisms retain more surfactant. In low salinity brine, surfactant retention by 
precipitation and phase trapping could be eliminated. 
 
 
5.5  Surfactant Flooding:  
After waterflooding the residual oil trapped in the porous media is mainly due to the 
capillary force. Adding surfactant to the injected water will reduce the interfacial 
tension between oil and water resulting in higher capillary number and thus 
mobilizing the trapped residual oil. The interfacial tension should be lowered enough 
by surfactant in order to have a significant mobilization of residual oil.  
In this study, the surfactant solution was prepared intentionally as type II(-) surfactant 
system by mixing 1 wt% of active surfactant with low salinity brine (i.e 3000 ppm 
NaCl brine). The phase behavior of the surfactant system is observed to be constant 
and gives low interfacial tension to mobilize trapped oil. The low salinity brine was 
used in preparing the surfactant solution in order to seek low retention of surfactant. 
low salinity surfactant slug will be injected into the cores as tertiary mode. The size of 
surfactant slug injected in each core is different and that is done for a purpose of 
optimizing the surfactant slug size needed to improve oil recovery. 
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6. Polymer: 
Polymer is a substance contains large molecules that are composed of many repeated 
subunits known as monomers. It can be formed naturally or synthetically and the 
process of forming polymers is called polymerization. Depending on the structure of 
the polymer the physical properties of the polymer vary. 
 
6.1  Types of Polymer: 
There are two types of polymers that are used most frequently in polymer flooding 
and they are produced in synthetic or microbial process. These polymers are [1,59] : 
 The synthetic polymer polyacrylamide, PAM, or hydrolyzed polyacrylamide, 
HPAM (with a typical degree of hydrolysis of 30 to 35%). This type of 
polymer is formed from acrylamide subunits which is combination of carbon, 
hydrogen, oxygen and nitrogen. The molecular structure is randomly coiled as 
shown in figure 6.1. The degree of hydrolysis is important with respect to 
water solubility, viscosity and retention. When degree of hydrolysis is too 
small that causes polymer to be not water soluble. While too large degree of 
hydrolysis makes the polymer properties too sensitive to salinity. 
 
 The biopolymer Xanthan, which is produced by polymerization of saccharide 
molecules in fermentation process with micro-organism Xanthomonas 
campestris. The X-ray diffraction studies suggested that xanthan has a helical 
and rod-like structure. Figure 6.2 shows the primary chain structure of 
xanthan. This type of polymer is an efficient viscosifier of water. 
 
 
 
Fig. 6.1: Molecular structure of partially hydrolyzed polyacrylamide (HPAM). 
38 
 
 
 
Fig. 6.2 : Molecular structure of Xanthan. 
 
 
6.2  Rheology: 
In polymer flooding, the viscosity of polymer solution is an important property that 
should be considered. The polymer is added to the injection brine in order to increase 
brine viscosity, which in turn improve oil-water mobility ratio and leads to increase 
sweep efficiency. However the polymer solutions, unlike water and oil, have shear-
dependent viscosity flow behavior and this type of fluids called non-Newtonian fluid. 
The most common model that relates the shear stress and shear rate is the power law 
model which is given by the expression [1,59]: 
 
                                                                                                
 
where   is the viscosity of solution,   is the consistency parameter,    is the shear 
rate, and   is the flow index. 
For a Newtonian fluid     and    is simply the constant viscosity,  . When   is 
less than one, the viscosity will decrease with increasing shear rate. When   is greater 
than one, the viscosity increases with increasing shear rate. However many non-
Newtonian fluids, like polymer solutions, have Newtonian regime for low shear rates 
39 
 
and very high shear rates, and a pseudoplastic regime in between where the power 
low is valid. A more satisfactory model that describes the shear regimes of the 
polymer solution is the Carreau model [1,59]: 
 
     
     
                                                                                    
where ; 
       : viscosity 
       : zero shear rate viscosity  
      : infinite shear rate viscosity 
      : relaxation constant 
        : shear rate 
       : power law exponent (   ) 
 
 
 
Fig. 6.3 : Illustration of Carreau model for viscosity of polymer. 
 
The polymer solution behavior is explained by Carreau model as follows: 
 At low shear rates macromolecules rotate at a constant angular velocity 
without significant conformation change. Therefore, the viscosity remains 
constant and the flow regime is Newtonian. 
 As shear rate increases, the macromolecules start to deform (PAM / HPAM) 
and/or orient themselves in the direction of flow (Xanthan) which causes a 
viscosity reduction. 
 At very high shear rates all the macromolecules are oriented in the flow 
direction and do not affect the viscosity of polymer solution.  
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6.3  Effect of Polymer Concentration : 
Flory-Huggins equation is used to model the relation between the concentration of 
polymer solution and viscosity as follows [1].  
 
                         
                                                   6.3) 
 
where,      is the solution viscosity,       is the brine (solvent) viscosity,     is the 
polymer concentration in the aqueous phase, and  ,   etc. are constants. The linear 
term in the equation accounts for the dilute range where the polymer molecules act 
independently. The unit used for polymer concentration is g/m
3
 of solution and it is 
approximately same as ppm. Generally the viscosity of polymer solution increases as 
the concentration increases. 
 
 
6.4 Apparent Viscosity: 
The shear rate in a porous medium is a strong function of rock properties (porosity 
and permeability) and fluid velocity. An averaged value of the polymer solution 
viscosity called apparent viscosity should be used in order to predict the performance 
of polymer flooding. The effective shear rate can be determined based on a simple 
capillary bundle model using the following equation: 
                      
 
                                                                 6.4) 
where    is the effective shear rate,   is a constant related to the pore geometry and 
type of porous medium.  
 
 
6.5 Polymer Flooding: 
In polymer flooding, polymer is mixed with the injected water in order to increase the 
viscosity of the water therefore making the mobility ratio between oil and water more 
favorable. In consequence this will improve the macroscopic sweep efficiency. In 
principle, as the viscosity of the injected water,    , increases,  the capillary number, 
   , increases too and therefore gives lower oil residual,     as described by equation 
4.5. However , the reduction is small since it takes a major change of    (order of 
magnitudes) in order to affect the     significantly [1]. 
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Polymer flooding usually used for high viscous oil reservoirs to improve the mobility 
ratio, or for heterogeneous reservoirs to decrease the permeability of high permeable 
zones and divert flooding into low permeable zones. In addition,  polymers may be 
used for near-well treatment in order to gain more favorable water-cut development. 
In this thesis, the partially hydrolysed polyacrylamide (HPAM) polymer has been 
used for polymer slug injection. The concentration of the injected polymer solution 
was chosen based on the viscosity measurements. In the tertiary mode a polymer slug 
was injected into the core directly after surfactant slug in order to have a more stable 
displacement behind surfactant and then followed by low salinity water flood. At the 
end of the tertiary low salinity slugs injection when the oil production is ceased, a 
polymer slug of higher concentration was injected then followed by low salinity water 
flood. 
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7. Experimental Apparatus and Procedures: 
The experimental equipments used in this study were to analyze fluids properties and 
to perform the displacement experiments. The experimental apparatus and 
displacement procedures done on the Berea sandstone cores are described in this 
section.  
 
7.1  Experimental Apparatus: 
7.1.1  Densitometer: 
An Anton Paar K.G. DMA 60 density meter and a DMA 602 density-measuring cell 
were used to measure density of the fluids used in the experiments. The measure cell 
was connected to a water bath thermo stated by a Heto Birkerød temperature 
controller and the temperature in this bath was checked with a Fluke 2180A digital 
thermometer.  
 
 
Fig. 7.1: An Anton Paar K.G. DMA 60 density meter and a Heto Birkerød 
temperature controller. 
 
The density meter consists of a hollow U-formed glass tube (measuring cell), where 
fluids can be injected and an electromagnet which forces harmonic waves 
(oscillations) to occur within the tube. The frequency of the measuring cell is a 
function of the density of the fluid inside it. The density meter measures the time for 
pre-set number of cycles. When the density of the solvent is known the density of the 
solution is given by:  
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 Where;   
T     : the time period of solution (s) 
T*   : the time period of pure solvent (s) 
A     : apparatus constant (g/cm
3
) 
      : density of solution (g/cm3) 
    : density of the pure solvent (g/cm3) 
 
 
The apparatus constant, A, can be found by measuring T for two fluids with known 
density. Distilled water and air were used in this experiments to measure the apparatus 
constant. The density of air as function of temperature, pressure and relative air 
humidity is given by following equation: 
 
              
           
 
                                                      
 
where; 
       : density of air (g/cm
3
), 
T        : working temperature (K), 
B       : atmospheric air pressure (mmHg), 
F       : relative humidity of air (%). 
 
 
The density of water at a given temperature at atmospheric pressure were taken from 
the work of Kell [60]. The apparatus constant depends on room temperature and 
therefore it should be measured for each temperature used. 
The density of solution was measured by carefully injecting the solution into the 
hollow U-tube with a sterile syringe. The tube holds approximately 1 ml and around 3 
ml was injected into the tube so that the tube was flushed with solution. The syringe 
was held in position and the other end of the tube was gently closed with a rubber 
plug. After approximately 5 minutes and when the temperature was constant, the time 
period was recorded. Once the measurements of one fluid is done the tube was 
cleaned and dried with pressurized air to conduct a good measurement for another 
sample. The uncertainty of the measurements was estimated to be  10-4 g/ml with 
variation in the thermostatic water bath temperature of  0.2 C. 
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7.1.2 Rheometer: 
Viscosity measurements for all fluids used in the experiments were performed using 
Kinexus rheometer from Malvern Instruments Ltd. The Kinexus rheometer is an 
advanced rotational platform which coupled with a software system called rSpace 
based on one flexible interface that can be configured for the user's rheological 
requirements. At the heart of rSpace is  the rFinder search engine which allows the 
user to locate information and appropriate tests relevant to a particular 
application[61]. 
 
 
 
Fig. 7.2: Kinexus rheometer form Malvern Instruments Ltd. 
 
The reheometer is equipped with different types of cartridge and geometry. In this 
study, the double gap geometry was used to measure viscosity of brines, oils and 
surfactant solution and the measurements were conducted at single shear rate of  100 
s
-1
. The cone and plate geometry was used for polymer solutions viscosity 
measurements and the measurements were conducted at different shear rates from 0 to 
1000 s
-1
. The temperature during the measurements is controlled by heat exchangers 
connected to the reheometer. 
The uncertainty of the measurements was estimated to be approximately 5% of the 
absolute value obtained. The fluid samples used for measurements were checked 
visibly to be free from foam and air bubbles.  
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7.1.3  Spinning Drop Tensiometer: 
The interfacial tension of the surfactant system used in the experiments were 
measured using A SITE 100 spinning drop tensiometer from Krüss Company. The 
spinning drop method is one of the methods used to measure IFT and it is founded 
based on the principles of balancing the centrifugal forces against interfacial attractive 
forces. This method is preferred for accurate measurements of IFT below 10
-2
 mN/m.  
 
 
 
Fig.7.3 : SITE 100 spinning drop tensiometer. 
 
The measurements are carried out in a rotating horizontal tube filled with a denser 
fluid. A drop of less dense liquid is placed inside the tube and a centrifugal force is 
created by rotating the horizontal tube. This force will push the densest fluid toward 
the wall of the tube while the drop of the less dense liquid will start to deform into an 
elongated shape. The elongation stops when the centrifugal force and the interfacial 
tension between the fluids are balanced. 
The applied rotational speed should be high enough so that the length of the droplet 
will be at least 3 times greater than its radius therefore its shape can be approximated 
as a straight cylindrical shape. Under this condition the following expression can be 
used to measure the IFT: 
   
       
 
                                                                                       
 
where;   is the IFT between the fluids,   is the density difference between the used 
fluids,  is the rotational speed and   is the droplet radius. 
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The SITE 100 spinning drop tensiometer measures the interfacial tension down to 10
-6
 
mN/m and it uses DSA-2 software that is connected to a camera to analyze the drop 
diameter.  
In this study, the interfacial tension of two types of surfactants were measured. The 
surfactant with lower interfacial tension was selected to prepare the surfactant 
solution used for the core flooding experiments. All the interfacial tension 
measurements were conducted at temperature of 23 C and a water bath was used to 
control the temperature during the experiments. The tube was filled with the 
surfactant solution and a needle with a diameter of 0.8 mm was used to calibrate the 
DSA-2 software. After calibration, the tube was rotated to get rid of the gas bubbles 
that could be trapped at the ends of the tube and more surfactant solution was added. 
Then, a drop of the oil was injected to the tube using a micro-syringe and a rotational 
speed of 2400-4000 rpm was set for the tube.  
A continuous measuring of the IFT with different spinning rate was recorded and the 
measurement of each sample was repeated to double check the obtained values. The 
uncertainty of the measurements is estimated to be 20 % of the obtained value. 
However in some samples it was difficult to get rid of gas phase or a clear water 
phase from the oil drop and in some cases the software could not find the oil drop for 
measurements. 
  
7.1.4  Core Holder: 
Hassler-type core holder was used to mount the cores and conduct the experiments. 
This type of core holder is routinely used for gas and liquid permeability and other 
core flooding experiments. Figure 7.4 illustrates the components of the Hassler-type 
core holder. 
 
 
Fig.7.4: Hassler-type core holder. 
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The core first placed in a proper rubber sleeve and two dead ends were added and 
tightened to the rubber sleeve by metal wire. Then the core mounted into the core 
holder and the end plug with end cap and spacer was sealed properly. A confining 
pressure was applied by filling the space between the sleeve and the core holder with 
a liquid injected through the confining pressure port. The confining pressure is 
required to prevent fluids from bypassing core during running experiments. In this 
study, a confining pressure of 25 bar was applied to all cores used in the experiments. 
 
 
7.1.5   Fraction Collector : 
A Foxy Jr. fraction collector was used to collect effluent fluid samples. It can operate 
at different collection programs depending on the user requirements. In this 
experiments the faction collector was set to operate by time so, that for each set of 
time the fraction collector will change the tube that receives fluid to new tube. Test 
tubes that can hold up to 14 ml were used and the time for fraction collector was set 
so that approximately 3 , 5 or 8 ml were collected in each test tube depending on the 
injection rate. A back-pressure regulator was used in this study to prevent air bubbles 
in the system , however it could cause variation in the fluid volume of the tubes. 
Therefore, each tube had to be measured separately to find the exact volume.  
 
 
 
Fig.7.5: Foxy Jr. fraction collector. 
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7.1.6  Pumps, Cylinders and Pressure Transducer: 
Edwards RV3 vacuum pump was used to evacuate the cores before saturation with 
brine and measuring porosity. The pump has capacity to eject air from the core down 
to 750 mTorr. A Quizix computer-aided pump was used to measure the porosity by 
saturating the cores with synthetic sea water brine. In the displacement experiments 
Pharmacia LKB P-500 pump was used to inject fluids and a piston cylinder was 
placed between the pump and the core to distribute the fluids during the experiments. 
A Fuji electric FCX-FKC differential pressure transducer was used to measure the 
pressure drop across the core. In order to prevent the development of air bubbles in 
the system, a back pressure regulator was used. 
 
 
Fig.7.6: Pharmacia LKB P-500 pump. 
 
 
Fig.7.7: Left picture: Piston cylinder. Middle picture: Fuji electric FCX-FKC 
differential pressure transducer. Right picture: Back pressure regulator. 
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7.1.7  Core Material:  
The cores used in this study were Berea sandstone cores. Over than 40 years Berea 
sandstone cores have been widely used in petroleum industry as a model rock to 
investigate and understand the fluid flow and oil recovery mechanisms. The Berea 
sandstone is a sedimentary rock and it is composed mainly of quartz with other types 
of minerals in different content percent such as chlorite, kaolinite, illite, and smectite. 
The use of Berea sandstone rather than reservoir material in the core flooding 
experiments is attractive because it is inexpensive, relatively homogeneous, and 
commercially available [39,40]. 
 
 
7.2  Experimental Procedure: 
In this section, the procedures of the experiments performed are described. The 
experimental setup and the different types of the flooding process carried on the cores 
used are explained. 
 
7.2.1  Core Preparation: 
Berea sandstone block was used to cut the six cores used in this study to desire length 
and diameter. The cores were put in the oven at temperature of 90 C for couple of 
days to dry them properly and then the length and diameter of the cores were 
measured. The dead ends volumes were measured before mounting the core into the 
core holder to make correction for later calculations. Then a confining pressure of 
about 27 bar was applied to the core and the core holder was checked to make sure 
there is no leakage. 
 
7.2.2  Pore Volume and Porosity Measurement : 
The core holder was connected to a vacuum pump from one end and a vacuum 
pressure gage from the other end. The vacuum pump was turned on and the core was 
evacuated until the core pressure dropped below 1 mbar, then the pump was switched 
off and the pressure reading was checked for stabilization around half an hour to make 
sure there is no leakage in the core holder. After that the core was connected to a 
Quizix computer-aided pump through a piston cylinder filled with synthetic sea water. 
Before starting saturating the core, the pump was set to hold a pressure of 5 bars 
which will be the pressure in the cylinder and lines as well. After the pressure was 
stabilized in the system, the inlet valve of the core-holder was opened and the brine 
was sucked into the core. The pump has to deliver more synthetic sea water to fill the 
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pore volume of the core and to maintain the pressure of 5 bar. This was maintained 
until there was almost no change in the cumulative volume of added brine which 
represents the pore volume (  ), of the core used. The bulk volume (  ) of the core 
calculated based on the geometrical measurements done during the core preparation. 
The porosity of the core then measured using equation 2.1. 
The core was put aside for one week after saturation to allow synthetic sea water to 
reach the ionic equilibrium with the core.  
 
7.2.3  Experimental Setup : 
The fundamental experimental setup for the displacement experiments in this study is 
shown in figure 7.8 below. 
 
 
Fig.7.8: Experimental set-up. 
 
 
7.2.4  Permeability Measurements : 
The permeability is measured using the Darcy law equation and the experimental set-
up for measurements is as shown in figure 7.8 except the fraction collector was 
replaced by glass beaker. For the absolute permeability, the core was first flushed 
with 2 PV of synthetic sea water before conducting the permeability measurements. 
After that the differential pressure across the core was recorded for five different flow 
rates applied for injection. The permeability is calculated by finding the slope of the 
relationship of the flow rate versus the differential pressure and by knowing the 
viscosity of the injected brine and the sizes of the core. 
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The effective and relative permeability were measured in this study using the same 
procedure and the measurements were conducted before aging, after aging, after low 
salinity flooding and after the surfactant and polymer flooding. 
 
7.2.5  Drainage: 
Primary drainage process for the cores was established by using Marcol 152 which is 
a high viscous oil. The process was done with the core oriented vertically to make use 
of the gravitational force. The injection started with slow flow rate of 0.1 ml/min and 
the drained sea water was collected in graduated flask to measure the water saturation. 
The injection rate was increased stepwise when water production was ceased and the 
direction of the flow was reversed to reduce the end-effect. The results of the drainage 
process are summarized in Appendix A.  
After the initial water saturation was achieved, the end-point effective permeability of 
Marcol 152 was conducted. Then 3 PV of  filtered North Sea crude oil or diluted 
crude oil was used to displace Marcol 152 in the core and the displacement process 
started with slow rate which was increased stepwise and the direction of the injection 
was reversed. Also the end-point effective permeability was measured afterward.  
 
7.2.6  Aging: 
After the primary drainage process the cores were aged in a heating cabinet for about 
4 weeks at a temperature of 110  1 C to alter the wettability of the cores. During the 
aging time, a fresh crude oil was injected to the cores to replace the old crude oil and 
the displacement was done either by continuous injection of crude oil at a very slow 
flow rate or by injecting 1 PV of crude oil after each week. Back pressure regulator of 
5 bars was used to control the expansion and evaporation of light components of the 
crude oil due to the high temperature used. 
Cores A3, A4, A5, and A6 were aged for 4 weeks while cores A1 and A2 were not 
aged to observe the effect of aging in the performance of displacement experiments. 
After aging, 3 PV of diluted North Sea crude oil which contains 40% of octane was 
used to flush the cores and displace the crude oil. The diluted crude oil was used in 
order to have a better mobility ratio since it has a viscosity of about 3 cp. The 
effective permeability measurements of the cores after flushing with diluted crude oil 
was conducted and compared with the measurements before aging to observe the 
wettability alteration. 
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7.2.7  Synthetic Sea Water and Low Salinity Waterflooding: 
The effect of reducing salinity of the injected brine was investigated in the unaged 
cores in both secondary and tertiary mode. The synthetic sea water was injected first 
in core A1 as secondary mode then followed by 22 times diluted sea water as tertiary 
mode. Core A2 was flooded directly from the beginning by 22 times diluted sea 
water. The aged cores A3, A4, A5, and A6 was flooded by 3000 ppm NaCl brine (low 
salinity brine) as secondary injection. During the flooding experiments all the cores 
were subjected to a confining pressure of 25 bar and the experimental set-up for 
flooding process is as shown in figure 7.8. Before starting the flooding in each core 
the system was pressurized to 8 bars by using the back pressure regulator to prevent 
the development of air bubbles.  
The flooding process started with slow flow rate of 0.1 ml/min in order to avoid the 
fingering displacement that causes the early water break-through. When the oil 
production was stopped, the injection was continued at same rate for 2 more pore 
volume. After that the flow rate was increased in order to observe the effect of 
increasing the viscous force in the oil recovery. Also the injection continued for 
almost 2 pore volume after the oil production was ceased. The flow rates used in the 
experiments were 0.1, 0.5, and 1 ml/min. 
During the flooding, samples of production were collected using the fraction 
collector. The volume of oil and water produced in each tube was measured 
volumetrically and the calculations of the production profiles and saturations were 
carried out. The pressure profile during the displacement was continuously monitored. 
After flooding the unaged cores A1 and A2 with synthetic sea water and 22 times 
diluted synthetic sea water. The cores were flooded by 3000 ppm NaCl brine (low 
salinity brine) to replace the previous brine. This was done to use the unaged cores for 
low salinity surfactant and  polymer slugs injection and compare their recoveries with 
the aged cores. 
 
 
7.2.8  Low Salinity Surfactant and Polymer Slugs Injection: 
The tertiary low salinity surfactant and polymer slugs injection was performed in all 
six cores used in this study. However the size of the slugs injected was varied. In the 
aged cores the different size of surfactant slug injected was in order to determine the 
optimum slug size that gives high oil recovery. The unaged cores were flooded with 
same surfactant slug size and compared with the aged core to determine the effect of 
wettability. The polymer slug was injected directly after the surfactant slug in order to 
maintain a stable displacement behind the surfactant. Table 7.1 shows the slug size 
injected in each core. The surfactant solution used was made of 1 wt% of active 
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surfactant mixed with low salinity brine (i.e 3000 ppm NaCl brine). The type of 
polymer used was partially hydrolysed polyacrylamide (HPAM) with concentration of 
300 ppm. 
 
Table 7.1: The sizes of the surfactant and polymer slugs injected in each core. 
Core ID Surfactant slug size [PV] Polymer slug size [PV] 
A1* 1  1 
A2* 1 1 
A3 0.3 0.5 
A4 0.5 1 
A5 1 1 
A6 2 1 
       * unaged cores 1 
 
After the injection of the slugs, the cores were flooded with continuous low salinity 
brine until the oil production was ceased. The variation in the slug size injected in the 
aged cores was in order to investigate the optimum slug size injection. The unaged 
cores A1 and A2 was flooded with same slug size as the aged core A5 in order to 
investigate the effect of wettability in the performance of oil recovery.  
The flow rate during the flooding processes was set to 0.1 ml/min and production 
samples were collected by fraction collector. The experimental setup is as shown in 
figure 7.8. The production profiles and saturation were calculated and the pressure 
drop was continuously monitored during the flooding processes. 
 
7.2.9  Low Salinity Polymer Slug Injection: 
After low salinity surfactant and polymer slug injection, all the six cores were flooded 
by a slug of polymer with higher concentration. This was in order to observe if 
additional oil recovery can be obtained from the cores. The slug size in all the core 
was 1 pore volume and the concentration of the HPAM polymer injected was 600 
ppm. A continuous injection of low salinity brine (3000 ppm NaCl) was preformed 
after the polymer slug until the oil production was ceased. The flow rate was set to 0.1 
ml/min during the flooding process and production samples were collected to 
calculate the production profile and saturations. The pressure drop was continuously 
monitored during the flooding processes. 
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8. Preparation of Samples: 
The fluid samples used in this study are described and presented in this section. In 
addition the chemical composition and the preparation procedures are explained for 
each fluid. These fluids were either used for displacement experiments or for other 
measurement during the study. 
 
8.1  Synthetic Sea Water (SSW): 
All the cores were initially saturated with synthetic sea water. The chemical 
composition of the synthetic sea water is listed in table 8.1. The brine was prepared by 
mixing distilled water and the salts. The brine was put on a magnetic stirrer to 
dissolve the salts properly and then filtrated using 0.45  m vacuum filter. 
 
Table 8.1 : Chemical composition of synthetic sea water 
Salt [g/kg solution] Producer 
NaCl 24.886 Sigma - Aldrich 
CaCl2   2H20 1.722 Riedel-de Haen 
MgCl2   6H2O  11.118 Sigma - Aldrich 
NaHCO3 0.192 Fluka 
Na2SO4  4.054 Riedel-de Haen 
KCl  0.672 Fluka 
          TDS: 42,656 ppm 
 
The synthetic sea water was diluted 22 times to make low salinity brine used for 
injection in the unaged cores. The diluted synthetic sea water has TDS = 1939 ppm. 
 
8.2  Low Salinity Water (LS): 
The low salinity water used for secondary waterflooding in the aged cores was made 
by mixing distilled water and sodium chloride (NaCl). The brine contains 0.30 wt% of 
NaCl and the composition is listed in table 8.2: 
 
Table 8.2: Chemical composition of low salinity water 
Salt [g/kg solution] Producer 
NaCl 3.000 Sigma – Aldrich 
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The brine made was put on a magnetic stirrer to dissolve the salts properly and then 
filtrated using 0.45  m vacuum filter. 
 
8.3  Oils: 
Three types of the oils were used in this study either for displacement process or for 
aging. These oils are viscous mineral oil called Marcol 152, North Sea crude oil, and 
diluted North Sea crude oil. The diluted North Sea crude oil made of 40 wt% of 
octane (produced by Sigma – Aldrich Co.) and 60 wt% of North Sea crude oil. The 
addition of octane to the North Sea crude oil was in order to reduce its viscosity for 
better mobility ratio during the core flooding experiments.  
First Marcol 152 was used for drainage process to establish initial water saturation, 
Swi, in the cores. Then it was miscible replaced by injecting North Sea crude oil into 
the cores. After that the cores were aged with North Sea crude oil in order to alter the 
wettability of the cores during the aging. After the aging, the North Sea crude oil was 
also miscible replaced by diluted crude oil to get lower oil viscosity inside the cores 
before starting the flooding experiments. 
The North Sea crude oil was filtrated using 0.5  m in-line filter before it was used for 
either injection or making the diluted North Sea crude oil. The filtration was done to 
remove any unwanted particles and/or wax contents. 
 
8.4  Surfactants Solution: 
Two types of surfactants were used in this study they are both of type sodium alkyl 
benzene sulphonate from Huntsman. They are named XOF 25s and XOF 26s and 
table 8.3. shows the weight percent of active matter in each of surfactant mixture. 
 
Table 8.3: The anionic active matter in each of surfactant mixture 
Surfactant ID XOF 25s XOF 26s 
Anionic active matter (%) 25.6 % 24.5 % 
 
The surfactants solution were made of 1 wt% of active surfactant mixed with low 
salinity brine (i.e 3000 ppm NaCl brine). The solutions were put on the magnetic 
stirrer for 2 hours to homogenously mix the surfactant before using them for samples 
preparation. Sample of each surfactant solution was equilibrated with diluted crude oil 
in 1:1 ratio before conducting the interfacial tension measurements. 
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Based on the interfacial tension measurements the surfactant that gave the lowest 
value was chosen for tertiary low salinity surfactant slug injection.  
 
8.5  Polymer Solution: 
The type of polymer used in this study is the partially hydrolysed polyacrylamide 
(HPAM). The preparation of polymer solution took 2 days to be completed where first 
the polymer stock solution was prepared then diluted polymer solutions to the desired 
concentrations were made from the stock solution. 
The stock solution was prepared by the following steps: 
 540.00 g of pre-filtered 0.30 wt% NaCl brine was added to 800 ml beaker. 
 The beaker was placed on a magnetic stirrer and the speed was set to create a 
vortex extends about 75 % towards the bottom. 
 3.000 g of HPAM polymer weighted in a tray was added to the brine by 
carefully sprinkling the polymer powder just below the vortex shoulder. 
 The speed of the magnetic stirrer was reduced to the lowest speed where the 
polymer particles still float in the solution and the beaker was covered with 
perforated parafilm. 
 The solution was left on the magnetic stirrer overnight and then transferred to 
Duran flask with a cork and sealed with parafilm. 
 
The HPAM powder activity is approximately 90 % thus the final concentration in 
ppm is calculated using the following equation: 
            
                                                                     
 
The diluted polymer solutions were prepared using the following steps: 
 A coated magnet was put in a Duran flask and then about half of the 0.30 wt% 
of  NaCl brine was added. 
 Polymer from the stock solution was added by weight to the Duran falsk. 
 The rest of the brine was added so that the concentration of the polymer 
matches the final concentration wanted. 
 The solution was put on a magnetic stirrer at low speed  (< 100 rpm) then 
sealed by cork and parafilm and left stand overnight. 
 The solution then filtrated using 40 µm filter and vacuum apparatus before 
using it for viscosity measurements and flooding process. 
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The most important aspects should be avoided for polymer solution are shear 
degradation, unnecessary exposition to air, iron contamination, sample homogeneity 
and creation of microgels. Table 8.4 shows the concentrations of the polymer stock 
solution and the diluted  polymer solutions made in this study. 
Table 8.4 : Concentration of polymer solutions 
Polymer solution Concentration [ppm] 
Stock polymer solution 5000 
Diluted polymer solution 1000 
Diluted polymer solution 600 
Diluted polymer solution 300 
Diluted polymer solution 100 
 
 
The viscosity measurements were conducted in all the polymer solutions made and 
the solution that gives the desired viscosity for flooding was chosen for tertiary slug 
injection.  
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9. Results and Discussion: 
 
In this chapter, the main results of the different measurements and displacement 
experiments done during this study are presented and discussed. First the measured 
properties of different liquids used or prepared are listed and analyzed and these 
measured properties are density, viscosity, and interfacial tension. The surfactant used 
for the tertiary injection was selected based on the interfacial tension measurements 
while the polymer concentration was chosen based on the viscosity measurements. 
Then the basic physical and petrophysical properties of the six Berea sandstone cores 
used for displacements experiments are listed and discussed. These cores are 
designated as A1, A2, A3, A4, A5, and A6. The cores A1 and A2 have not been aged 
while the other four cores were aged for almost four weeks at 110 C. 
Core A1 was flooded first with synthetic sea water then followed by 22 times diluted 
synthetic sea water in order to observe the effect of the low salinity waterflooding as 
tertiary mode. While core A2 was flooded directly by the 22 times diluted synthetic 
sea water as secondary mode and compared with core A1. 
The aged cores were flooded by low salinity brine which is 3000 ppm NaCl brine and 
the oil recovery and pressure profiles are shown. The recovery parameters and 
wettability state of the cores are discussed and compared with the unaged cores to 
determine the effect of aging and low salinity waterflooding. 
A combined process of low salinity surfactant and polymer slugs injection was 
investigated in this study to determine its effectiveness as tertiary injection mode in 
all six cores. The procedure of tertiary injection was carried out by injecting a 
surfactant slug followed by a polymer slug and then a continuous injection of low 
salinity brine. The aged cores has been flooded with a different size of surfactant slug 
with constant concentration in order to determine the optimum slug size that gives 
high oil recovery. The polymer slug was injected directly after the surfactant slug in 
order to maintain a stable displacement behind the surfactant. The production profile 
and parameters of the cores are discussed and compared. 
The cores were flooded at the end by 1 PV of low salinity polymer with higher 
concentration followed by continuous low salinity brine injection to observe any 
further production. The capillary number for each type of flood is calculated and 
listed for each core. 
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9.1 Measurements of Liquids Properties : 
In this section, the measured properties of the fluids used in this study are presented 
and discussed. The fluids were used during the study either for displacement 
experiments or for analyzing purposes. 
 
9.1.1  Density: 
The density measurements of the fluids used in this study are listed in Appendix B. 
The measurements for brines and oils  were conducted at three different temperatures 
while for the two surfactant solutions prepared it was carried out at a temperature of 
23 C. The results show that the density of brines and oils decreases with increase in 
the temperature.  
 
9.1.2  Viscosity: 
The viscosity measurements of brines and types of oil used in this study were 
conducted at four different temperature and the results are shown in Appendix C. The 
uncertainty of the measurements was estimated to be approximately 5% of the 
absolute value obtained.  
The fluid viscosity largely depends on the temperature and the results show that the 
viscosity of brines and oils used decreased with increasing temperature. The 
displacement experiments in this study were conducted at room temperature and the 
measured temperatures during the experiments were between 22 and 24 C. The plots 
of viscosity measured at different temperature are shown also in Appendix C. 
The viscosity measurements of the surfactant and polymer solutions were conducted 
at temperature of 23 C and they are shown in the following table. For polymer 
solutions the viscosity were measured at different shear rates from 0 to 1000 s
-1
 and 
value of viscosity at 100 s
-1
 was used. The plots of polymer solutions viscosity at 
different shear rates are shown in Appendix C. 
 
Table 9.1: Viscosity of surfactant and polymer solutions at 23 C and          . 
Fluid Viscosity [mPa.s] 
Surfactant solution [XOF 26s] 1.13  0.06 
 Polymer stock solution  84.23  4.21 
1000 ppm polymer solution 11.04  0.55 
600 ppm polymer solution 6.72  0.34 
300 ppm polymer solution 3.57  0.18 
100 ppm polymer solution 1.77  0.09 
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The concentration of the polymer solution used for polymer slug injection in the 
tertiary mode was chosen based on the viscosity measurements in table 9.1. In the 
tertiary low salinity surfactant and polymer slugs injection, the concentration chosen 
for polymer slug was 300 ppm because its viscosity is close to the viscosity of the 
diluted crude oil, therefore the viscosity ratio will be around 1. 
In the low salinity polymer slug injection which is the last flooding process, the 
concentration chosen for polymer slug was 600 ppm and that was in order to observe 
any additional oil can be produced by further improving in the viscosity ratio between 
oil and polymer solution. 
 
 
9.1.3  Interfacial Tension Measurements: 
The interfacial tension measurements of the two surfactant solutions prepared in this 
study were carried out at temperature of 23 C. Figure 9.1 and 9.2 show the 
measurements of equilibrated surfactant solutions with diluted crude oil for two 
weeks and the average values of the obtained interfacial tensions are listed in table 
9.2. The uncertainty of the measurements is estimated to be 20 % of the obtained 
value. 
 
 
Fig. 9.1: IFT measurements of equilibrated XOF 25s surfactant solution with diluted 
crude oil. 
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Fig. 9.2 : IFT measurements of equilibrated XOF 26s surfactant solution with diluted 
crude oil. 
 
 
Table 9.2: Average value of IFT measurements for each surfactant solution. 
Surfactant XOF 25s XOF 26s 
IFT of Equilibrated sample 
[mN/m] 
0.045  0.009 0.028  0.006 
 
 
The IFT measurements of the equilibrated surfactant solutions started to stabilize after 
almost 2 minutes as shown in the above figures. As it is clear from table 9.2 that both 
surfactant solutions reduced the interfacial tension to the order of 10
-2
, however 
surfactant XOF 26s has a lower interfacial tension value therefore it was chosen for 
the surfactant slug injection in the tertiary mode. 
The interfacial tension measurements of a fresh sample of each surfactant solution 
with diluted crude oil were conducted as well and the results are shown in Appendix 
D. However the measurements could not be carried out for long time because a gas 
phase or a clear water phase got in contact with the oil drop and affected the readings. 
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9.2 Basic Physical and Petrophysical Properties of the Rocks: 
The six Berea sandstone cores used in this study were designated as A1, A2, A3, A4, 
A5, and A6. The table below shows the basic properties of these cores. 
 
Table 9.3: Physical proprieties of Berea sandstone cores sample. 
Core 
ID 
Length 
(cm) 
Diameter 
(cm) 
Bulk volume 
(ml) 
Pore volume 
(ml) 
Porosity 
(%) 
Abs.Kw 
(mD) 
  0.01  0.01  0.1  0.01  0.1  5 
A1 6.29 3.79 71.1 15.64 22.0 356 
A2 6.48 3.80 73.3 16.16 22.0 332 
A3 6.40 3.81 73.0 16.60 22.7 371 
A4 6.30 3.82 72.2 16.38 22.7 390 
A5 6.33 3.81 72.2 16.28 22.6 346 
A6 6.34 3.81 72.2 17.39 22.7 377 
 
Table 9.3 shows that the Berea sandstone cores have almost same porosities ranging 
from 22.0 – 22.7 % while the absolute permeabilities varies between 332 and 390 
mD. The variation in the absolute permeabilities of the cores could be caused by the 
interactions between the SSW used for measurement and the rock minerals during 
saturation. In addition the differences in the pore structure of the cores could 
contribute to the permeabilities variation.  
Table 9.4 shows initial parameters of the cores after the drainage process and also the 
permeability measurements conducted before and after the aging period.  
 
Table 9.4: The initial parameters of the cores before flooding process 
Core ID A1 A2 A3 A4 A5 A6 
Swi[% PV] 19.5 18.9 22.9 22.1 21.4 22.2 
Soi [%PV] 80.5 80.8 77.1 77.9 78.6 77.8 
Keff [mD] before 
aging 
413  5 447  5 483  5 496  5 488  5 423  5 
Keff [mD] after 
aging 
NA NA 387  5 394  5 413  5 394  5 
NA means not aged  
The cores A1 and A2 have not been aged and its initial water and oil saturations are 
almost same as shown in the table 9.4. The other four cores that were aged for almost 
four weeks at 110 C showed a reduction in the effective permeability which indicates 
that the wettability of the cores has been altered during aging period. However the 
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reduction in permeability is more pronounced in the cores A3, A4, and A5 while core 
A6 showed about 7% reduction in permeability. 
 
 
9.3  Synthetic Sea Water (SSW) and Low Salinity (LS) Waterflooding  
        in Unaged Cores: 
 
In this study, first the effect of decreasing the salinity of injected brine in the oil 
recovery of two unaged cores was tested. The brines used were synthetic sea water 
and 22 times diluted synthetic sea water and the experiments were carried out in 
secondary and tertiary mode. Core A1 was flooded first with synthetic sea water then 
followed by 22 times diluted synthetic sea water in order to observe the effect of the 
low salinity waterflooding as tertiary mode. While core A2 was flooded directly by 
the 22 times diluted synthetic sea water as secondary mode and compared with core 
A1. The results of flooding process are presented and discussed in this section. 
  
9.3.1  Production Profiles of Secondary Injection: 
The production profiles of secondary waterflooding of the unaged cores A1 and A2 
are shown in figure 9.3. Core A1 was flooded with synthetic sea water while core A2 
was flooded by the 22 times diluted synthetic sea water. 
 
 
Fig. 9.3: Production profile of SSW and DSSW in unaged cores A1 and A2. 
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9.3.2  Comparison Between the Synthetic Sea Water (SSW) and Low   
           Salinity (LS) Waterflooding as Secondary Mode: 
 
Table 9.5 lists the production recovery parameters of synthetic sea water and low 
salinity waterflooding as both done as secondary mode waterflooding in unaged cores. 
The flooding procedures in both cores were same and the flow rate was increased 
when the oil production was ceased in order to observe the effect of increasing the 
viscous force. As it is clear from the table that both flooding types have almost same 
oil recovery where synthetic sea water gave 56.3% of oil recovery factor and the 22 
time diluted synthetic sea water gave 55.2% of oil recovery factor.  
 
Table 9.5: Production recovery parameters of SSW and LS waterflooding as 
secondary mode. 
Core A1 [ Secondary SSW] A2 [ Secondary LS] 
PV Injected  9.7 7.0 
RF [% of OIIP] 56.3 55.2 
WBT [PV] 0.50 0.42 
Sor [%PV] 35.2 36.2 
Keffe at Sor  35.5 37.9 
 
 
In both experiments, it was observed that the oil production was stopped or continued 
at a high water/oil ratio once the water break-through was occurred. This type of 
production gives an indication that both cores have a strongly water-wet conditions 
[28]. In addition the high residual oil left after the flooding process which are 35.2 
and 36.2 %PV for core A1 and A2 respectively reflects that the cores are at strongly 
water-wet. 
Many studies showed that the reduction in the salinity of the injected brine gives 
higher oil recovery compared to high salinity brine. However these studies were 
conducted in aged cores were the aging period affected the crude oil/Brine/Rock 
(COBR) interaction and altered the wettability of the core to reflect the reservoir state. 
This alteration of wettability influences the performance of the waterflooding using 
different brine salinity [29,32,42,49]. A stated necessary condition for observing the 
effect of low salinity waterflooding is establishing the mixed wettabilibty by exposure 
of the rock to crude oil [45].    
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9.3.3  Low Salinity Waterflooding as Tertiary Mode: 
A tertiary low salinity water flooding was done in core A1 after the residual oil 
saturation was obtained by synthetic sea water flooding. The production profile is 
shown in figure 9.4 and the recovery parameters are listed in table 9.6: 
 
 
Fig. 9.4: Production profile of core A1. 
 
Table 9.6: Parameters of secondary SSW and tertiary LS waterflooding in core A1. 
Parameters Core A1 
PV injected for secondary SSW flooding 9.7 
RF [% of OIIP] after secondary SSW flooding 56.3 
PV injected for tertiary LS flooding 9.0 
RF [% of OIIP] after tertiary LS flooding 56.7 
 
From the table above and from figure 9.4, it appears that the tertiary low salinity 
waterflooding has no effect in the oil recovery of core A1 which is strongly water wet. 
The slight increase in the recovery factor could be related to the uncertainty in the 
reading measurements of the oil production which have been done volumetrically. 
In strongly water wet cores, the water occupies the small pores and covers the surface 
of the large pores while oil occupies the large pores. After secondary waterflooding 
by synthetic sea water and establishing residual oil saturation, Sor, the trapped residual 
oil by capillary force in strongly water wet system would be in the largest pores. By 
using the low salinity waterflooding as tertiary mode to improve the oil recovery this 
would implies that low salinity brine should mobilize the trapped oil from the largest 
pores. Based on the pore scale theory, in order for the low salinity brine to increase 
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the recovery it should effectively reduce the interfacial tension or change the 
wettability of the system to become more water wet. However neither of these effects 
would occur because the interfactail tension between oil and water is not a very 
significant function of the brine salinity and for strongly water wet system, the rock 
surface has a little scope to become more water wet [48].  
It seems from the flooding process in the unaged cores that the wettability state of the 
core has a great influence in the effect of low salinity water flooding. Therefore the 
other 4 cores were subjected to aging period before conducting the flooding 
experiments. 
 
 
9.4  Low Salinity (LS) Waterflooding in Aged Cores: 
In this section, the results of secondary low salinity waterflooding process done on the 
aged core (aged for 4 weeks at a temperature of 110 C) are presented and discussed. 
The aged cores are A3, A4, A5, and A6 and the low salinity brine used for flooding is 
3000 ppm NaCl brine. In the experiments the flow rate was increased when the oil 
production was ceased in order to observe the effect of increasing the viscous force. 
The effect of aging period in altering the wettability of the cores are discussed and the 
pressure profiles are presented. 
 
 
9.4.1  Oil Recovery of Low Salinity Waterflooding: 
Figure 9.5 shows the production profiles of the four aged core flooded with low 
salinity (3000 ppm NaCl brine) as secondary mode. The recovery parameters of the 
cores are shown in table 9.7 below. 
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Fig. 9.5: Production profiles of low salinity waterflooding in aged cores. 
 
Table 9.7: The recovery parameters of low salinity waterflooding the aged cores. 
Core ID A3 A4 A5 A6 
Swi [ %PV] 22.9 22.1 21.4 22.2 
Soi [%PV] 77.1 77.9 78.6 77.8 
Pore volume injected [PV] 7.4 8.3 7.6 7.2 
RF [%OIIP] 73.4 72.3 67.8 76.3 
WBT [PV] 0.54 0.56 0.58 0.53 
Sor,LS [%PV] 20.5 21.6 25.3 18.5 
Keff at Sor [mD] 65.5 89.1 65.0 72.2 
 
The recovery factors, as it is shown in table 9.7, obtained for low salinity 
waterflooding in the four aged cores are ranging between 67.8 – 76.3  2 % OIIP with 
highest recovery obtained from core A6. Although the four cores have almost same 
initial oil saturations, Soi, in the range of 77.1 – 78.6 % PV, and the flooding 
procedures were identical, the recovery factors and residual oil varies among the 
cores. The wettability of the cores could be altered in the aging period at different 
degree which caused this variation in oil recovery. In a crude oil/brine/rock (COBR) 
system, the degree of interaction between surface-active constituents in the oil and the 
rock surface is influenced by many factors, such as rock mineral composition, brine 
composition, fluid content, oil composition, temperature, and pressure. This COBR 
interaction control wettability and the efficiency of oil recovery by a variety of 
possible mechanisms [12,28,32]. 
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9.4.2  Wettability: 
The wettability state of the COBR system has a great effect on the performance of 
waterflooding. A study of different COBR systems showed that the oil recovery by 
waterflooding increased with change in the wettability from strongly water-wet to a 
maximum at close to neutral wettability [28]. Figure 9.6 shows a comparison of the 
oil recovery obtained from all the six cores used in this study flooded in secondary 
stage.  
 
 
Fig. 9.6: Recovery profiles of secondary waterflooding for all six cores. 
 
From figure 9.6, the results of secondary injection in both aged and unaged cores 
clearly indicate that the low salinity (3000 ppm NaCl brine) injection in aged cores 
gives higher recovery compared to injection of synthetic sea water and 22 times 
diluted sea water in the unaged cores. This results indicate that the aging period of the 
cores had a positive effect in changing the wettability of the cores toward less water 
wet conditions which is reflected in higher oil recovery. It has been reported in the 
literatures that both the aging time and aging temperature of cores influence the oil 
recovery where the oil recovery by waterflooding increases with increasing aging 
time and temperature [28,32].  
The observed decrease in the oil permeability at initial water saturation before and 
after aging also could be a qualitative indication of changing in the wettability of the 
aged cores to less water wet state compared to the unaged (strongly water wet) cores. 
In strongly water wet cores the oil occupies the large pores and therefore will flow 
easily with minimal resistance having a high oil permeability. As the wettability 
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altered towards less water-wet conditions the flow resistance of oil will increase 
leading to reduce the oil permeability at initial water saturation. The cores A3, A4, 
and A5 showed 15 – 20 % reduction in the oil permeability after aging except core A6 
that showed a reduction of 7% , see table 9.4.  
It has been suggested in the literatures that during the low salinity waterflooding the 
wettability of the cores changes towards increasing water wetness and thus leading to 
increase recovery [45,68,69]. This mechanism has been discussed and explained 
physically using the pore scale network modeling and the percolation theory where 
the low salinity injection has been concluded to alter the wettability of the mixed wet 
cores towards more water wet conditions [48].  
The relative permeability values to water, Krw, can be obtained as a ratio of the 
endpoint permeability to water, Keff, to the absolute permeability, Kabs, for the 
corresponding cores. The relative permeability values could serve as an indication of 
cores wettability after the low salinity waterflooding in the aged cores. These values 
are compared with the values of the unaged cores A1 and A2 (strongly water wet 
cores). Table 9.8 shows the residual saturation after secondary waterflooding and the 
relative permeability values of the six cores.  
 
Table 9.8: Residual saturation and relative permeability values of all cores. 
Core A1 A2 A3 A4 A5 A6 
Sor 35.2 35.5 20.5 21.6 25.3 18.5 
Krw after LS 0.1 0.11 0.18 0.23 0.19 0.19 
 
The unaged cores A1 and A2 which have shown a strongly water wet state have 
values of relative permeabilities of 0.1 and 0.11 respectively. However the typical 
values of the relative permeability for strongly water wet system is in the range of 
0.05 to 0.1. The aged cores that flooded by low salinity brine show relative 
permeability values, as listed in table 9.8, between 0.18 – 0.23 which are in the range 
of the typical weakly water wet systems ( the relative permeability of  0.1 – 0.3 is 
determined as weakly water wet ). The intermediate water wet system has generally 
relative permeability of greater than 0.3.  
The wettability of cores A3, A4, A5, and A6 has been altered toward less water wet 
during the aging which have been confirmed by the reduction in the oil permeability 
after the aging. During the low salinity flooding the wettability of the cores might be 
changed toward more water wet leading to release the oil from the rock surface and 
increase recovery. 
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9.4.3  Pressure Profiles: 
The pressure profile combined with production profile of the low salinity 
waterflooding in the aged cores are shown in figures 9.7 - 9.10. As it can be seen from 
the figures that the pressure development of the cores have a quite similar trends. The 
pressure profile started increasing at the beginning of the low salinity injection until 
the peak value reached just before the water break-through then decreased and leveled 
off. The flooding started with injection rate of 0.1 ml/min to have a kind of stable 
displacement and avoid the fingering phenomena which causes early water break-
through.  The observed pressure peak at water break-through of the cores was in the 
range of 16 – 20 mbar and the oil volume produced at the breakthrough were 0.54, 
0.56, 0.58, and 0.53 PV from A3, A4, A5, and A6 respectively. After the break-
through the pressure leveled off with minor disturbance in the profile. 
The increase in the differential pressure profile of the cores after almost 2.5 PV 
injection is a response of increasing the injection rate. The injection rate increased to 
0.5 ml/min after the oil production ceased and then increased further to 1 ml/min as 
can be seen from the increase in the pressure profile. The production profiles of cores 
A3, A4, and A5 do not show any noticeable response of this increase in the injection 
rate, while core A6 produced more oil as the injection increased. The increase in 
recovery caused by rising flow rate is one of the indication that the wettability of the 
core is less water wet. 
Most sandstone formations contain fine particles that could migrate in the porous 
medium and cause a reduction in the permeability of the formation by plugging the 
interconnecting pore throats [35,37]. At the same time, fine migration has been 
suggested to provide a mobility control to improve the performance of the 
waterflooding by diverting the flow from the water swept zones to un-swept zones. 
Salinity of the injected brine, flow rate, pH, and temperature have been found to be 
significant factors affecting the fine migration process [35,36,37].  
In addition, fine migration has been observed and proposed in the literatures as one of 
the mechanisms that causes an increase in the oil recovery by low salinity 
waterflooding [31,32,38,62]. However core flood experiments done by BP have 
shown neither fines were produced in the effluent nor reduction in permeability [18].  
In this study, fine particles have not been observed visually in the produced effluent 
during the coreflood experiments of secondary low salinity water flooding. The 
pressure profiles of the cores, presented in figures 9.7 - 9.10,  seems to be stable 
during the low salinity injection and increased only as a response of rising the flow 
rate. Therefore this indicates that the swelling of clay in the Berea sandstone is not 
significant, otherwise it will be observed as a noticeable increase in the pressure 
profile. 
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Fig. 9.7: Production and Pressure profiles of LS waterflooding in core A3. 
 
 
 
Fig. 9.8: Production and pressure profiles of LS waterflooding in core A4. 
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Fig. 9.9: Production and pressure profiles of LS waterflooding in core A5. 
 
 
 
Fig. 9.10: Production and pressure profiles of LS waterflooding in core A6. 
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9.5  Low Salinity Surfactant and Polymer Slugs Injection: 
The combined process of low salinity surfactant and polymer flooding was 
investigated in this study to determine its effectiveness as tertiary injection mode. The 
experiments were carried out by injecting a surfactant slug followed by a polymer 
slug and then a continuous injection of low salinity brine. Each of the aged cores has 
been flooded with a different size of surfactant slug at a constant concentration in 
order to determine the optimum slug size that gives high oil recovery. The polymer 
slug was injected directly after the surfactant slug in order to maintain a stable 
displacement behind the surfactant. 
The surfactant used in this investigation was XOF 26s which was chosen based on 
interfacial tension measurements, see section 9.1.3. The surfactant system was 
prepared intentionally as type II(-) surfactant system, still giving a low interfacial 
tension, and the observations of surfactant behavior detected that the surfactant 
remained in the aqueous phase. The composition of the surfactant system was always 
kept at constant 1:1 surfactant to mixed-oil ratio.  
The polymer solution used in this study was prepared using HPAM and the 
concentration was chosen based on the viscosity measurement, see table 9.1. The 
concentration of 300 ppm of HPAM was chosen since it gives a viscosity of 3 cp 
which is close to diluted oil viscosity, therefore the viscosity ratio is about 1. 
A Summary of the experimental parameters of low salinity surfactant and polymer 
slugs injection are listed in table 9.9 and will be discussed in this section. 
 
Table 9.9 : Experimental parameters of low salinity surfactant and polymer slugs 
injection. 
Core ID A1* A2* A3 A4 A5 A6 
Sor @ LS [% PV] 34.8 35.6 20.5 21.6 25.3 18.5 
PV inj. of Surfactant 1 1 0.3 0.5 1 2 
PV inj. of Polymer 1 1 0.5 1 1 1 
PV inj. of LS 2.0 2.0 3.0 2.3 2.8 3.3 
RF [% of OIIP] 6.4 3.8 1.6 7.0 16.9 15.4 
RF [ % of Sor after LS] 17.0 10.0 6.2 25.1 52.6 65.0 
Sor @ LS-S-P [% PV] 29.6 32.5 19.3 16.2 12.0 6.5 
* Unaged core  
 
9.5.1  Oil Recovery in Aged Cores (LS-S-P): 
The oil recovery of tertiary low salinity surfactant and polymer slugs injection done in 
the aged cores are presented in figure 9.11. As It is clear from the figure that the slugs 
injection have mobilized and produced oil from the cores as tertiary recovery after the 
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secondary low salinity flooding. The amount of produced oil varies in cores 
depending on the size of the surfactant slug injected.  
 
 
Fig. 9.11: Oil recovery of tertiary low salinity surfactant and polymer slugs injection 
done in the aged cores. 
 
Core A3 which is flooded by 0.3 PV of surfactant followed by 0.5 PV of polymer 
showed low tertiary recovery of 1.6 % of OIIP. This would be explained by retention 
of surfactant due to adsorption, precipitation, and phase trapping therefore the 
efficiency of surfactant flooding will be reduced. In core A4 which is flooded by 0.5 
PV of surfactant followed by 1 PV of polymer, the response was moderate and it gave 
a tertiary recovery of 7.0 % of OIIP. This increase in recovery is consistent with 
increase in the surfactant slug size which means that more oil has been mobilized by 
surfactant. 
Cores A5 and A6 are flooded with 1 PV and 2 PV of surfactant respectively and then 
followed by 1 PV of polymer. The tertiary recovery is 16.9 and 15.4 % of OIIP from 
core A5 and A6 respectively. This high recovery compared to the other two cores is 
due to increase in the surfactant slug size injected. However core A5 showed higher 
recovery in terms of OIIP compared to core A6 even though the latter was flooded 
with larger slug size. This could be justified by that the residual oil saturation after 
secondary low salinity waterflooding is much higher in core A5 compared to core A6 
The residual oil saturation before tertiary injection in core A5 is 25.3 %PV while in 
core A6 it is 18.5 %PV. 
Figure 9.12 shows the oil recovery of tertiary low salinity surfactant and polymer 
slugs injection based on the residual oil after secondary low salinity waterflooding. 
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The lowest tertiary recovery is 6.2 % of residual oil which is obtained by injecting 0.3 
PV of surfactant in core A3. The highest tertiary recovery is 65.0 % of residual oil 
obtained by injecting 2 PV of surfactant in core A6, which also resulted in lowest 
residual oil saturation, Sor @ LS-S-P, of 6.5 % PV at the end of floods as shown in table 
9.9. 
 
 
Fig. 9.12: Oil recovery of tertiary low salinity surfactant and polymer slugs injection 
based on the residual oil after secondary low salinity waterflooding. 
 
The relation between the surfactant slug size injected and the final tertiary recovery 
factor based on the secondary residual oil is illustrated in figure 9.13. The figure 
clearly depicts that the tertiary recovery increases with increasing the size of the 
surfactant slug injected. However the injection of larger surfactant slug than 2 PV 
could lead to produce more oil and increase the recovery factor. Therefore the 
optimum surfactant slug size would be determined when there is no more increase in 
the recovery factor with further increase in the surfactant slug size at constant 
surfactant concentration. 
 
0
10
20
30
40
50
60
70
0 1 2 3 4 5 6 7
O
il 
re
co
ve
ry
 [
 %
 O
il 
re
si
d
u
al
 a
ft
er
 L
S]
Pore volume injected [PV]
Oil recoveries based on % of residual oil after LS
A3, LS-S-P
A4, LS-S-P
A5, LS-S-P
A6, LS-S-P
76 
 
 
Fig. 9.13 : Relation between oil recovery and surfactant slug size injected at constant 
surfactant concentration.  
 
After the low salinity waterflooding the residual oil saturation is most likely to be 
caused by capillary force which is responsible for trapping oil. Experimental studies 
showed that the surfactant flooding can improve the recovery after immiscible 
displacement  by reducing the interfacial tension between oil and water which results 
in higher capillary number and mobilize the trapped oil [70]. In this study the 
interfactial tension of the surfactant used is about 10
-2
 mN/m which is low enough to 
mobilize the trapped oil and increase recovery.  
The polymer slug injected after the surfactant slug could also contributed to the 
increase in the tertiary recovery by improving the volumetric sweep efficiency. 
However the main use of the polymer slug in this case was to maintain a stable 
displacement behind the surfactant and therefore having a better mobilization of oil. 
 
9.5.2  Pressure Profiles: 
The pressure profile of low salinity surfactant and polymer slugs injection is plotted 
with the oil production profile in figures 9.14 - 9.17. In all four aged cores, the 
pressure across the cores started increasing with injection of surfactant slug. Cores A3 
and A4 showed during surfactant injection an early response by producing oil, 
however the produced volume was very small from both cores. Core A5 did not show 
any oil production during surfactant injection even it was flooded by 1 PV of 
surfactant. The pressure profile in core A6 which is flooded by 2 PV increased until it 
reached the peak value and then started dropping. However the significant oil 
production from the core started after 1.8 PV injection of surfactant.  
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Fig. 9.14 : Pressure and production profile of LS-S-P flooding in core A3. 
 
 
 
Fig. 9.15 : Pressure and production profile of LS-S-P flooding in core A4. 
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Fig. 9.16 : Pressure and production profile of LS-S-P flooding in core A5. 
 
 
 
Fig. 9.17 : Pressure and production profile of LS-S-P flooding in core A6. 
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During the polymer slug injection the pressure across the cores increased significantly 
because of the increasing the viscosity of the injected brine. Core A3 was flooded by 
0.5 PV of polymer and the pressure profile was increasing without any sign of 
polymer breakthrough. In the other cores, A4, A5, and A6, which flooded by 1 PV of 
polymer the pressure profile increased until the polymer breakthrough occurred and 
then stabilized or started to fall down. The breakthrough of the polymer occurred after 
0.45, 0.51, and 0.65 PV of polymer injection in the cores A4, A5, and A6 
respectively. All the cores showed an increase in the oil production during the 
polymer flooding. Generally the polymer flooding improves the volumetric sweep 
efficiency therefore increasing oil recovery. 
After the polymer slug injection the cores were flooded by continuous low salinity 
brine (3000 ppm NaCl). The pressure profile in all cores declined once the low 
salinity waterflooding started and then leveled off. The cores continued producing oil 
during low salinity injection until the oil production is ceased. 
 
 
9.5.3  Comparison of Tertiary Low Salinity Surfactant and Polymer   
           Slugs Injection in Aged and Unaged Cores: 
 
The tertiary low salinity surfactant and polymer slugs injection was also conducted in 
the unaged cores A1 and A2. The size of the slug injected in both unaged cores was 1 
PV of surfactant followed by 1 PV of polymer then a continuous injection of low 
salinity brine. This slug size and injection procedure in the unaged cores is same as 
the slug size and injection procedure in the aged core A5. A comparison between the 
low salinity surfactant and polymer slug injection in these three cores is shown in 
figure 9.18 to determine the effect of wettability in the performance of tertiary 
recovery.  
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Fig. 9.18 : Recovery profiles of cores A1(unaged), A2 (unaged), and A5 (aged). 
 
As it is clear from the above figure, the response of tertiary slug injection in all three 
cores started during the polymer injection. The aged core A5 gave tertiary recovery of 
52.6 % of residual oil which is much higher than the unaged cores A1 and A2 that 
gave a tertiary recovery of 17.0 and 10.0 % of residual oil respectively. 
It has been determined that the unaged cores has a strongly water-wet behavior, see 
section 9.3.2,  while the wettability of core A5 was altered during the aging period to 
less water-wet state. This big difference in the tertiary recovery between aged and 
unaged cores indicates that the wettability of the core has a great influence in the 
performance of low salinity surfactant and polymer slugs injection. Although the 
strongly water-wet cores has a much higher residual oil after secondary low salinity 
waterflooding, see table 9.9, their response to the tertiary injection was much lower 
than the less water-wet core. 
 
  
9.6  Low Salinity Polymer Slug Injection: 
After the tertiary low salinity surfactant and polymer slugs injection, the cores were 
flooded by 1 PV of polymer followed by continuous low salinity brine injection to 
observe any further production. The concentration of the polymer solution used in this 
stage is 600 ppm which is double than the one used in the low salinity surfactant and 
polymer slugs injection stage. The recovery parameters of the cores are listed in table 
9.10. 
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Table 9.10 : Recovery parameters of low salinity polymer injection. 
Core ID A1 A2 A3 A4 A5 A6 
Sor after LS-S-P 29.6 32.5 19.3 16.2 12.0 6.5 
PV inj 3.5 3.7 5.2 3.7 3.6 4.7 
RF [Soi] 0.8 9.1 1.8 5.7 2.3 2.8 
Sor after LS-P 28.9 25.2 17.8 11.8 10.2 4.3 
Sor 0.7 7.3 1.5 4.4 1.8 2.2 
 
 
9.6.1  Oil Recovery : 
The oil recovery from the sex cores flooded by 1 PV of 600 ppm HPAM polymer 
solution is shown in figure 9.19. The results clearly indicate that the polymer slug 
injection has mobilized some oil from the cores. However the amount of the produced 
oil varies among the cores as illustrated in figure 9.19. Core A1, A3, A5 and A6 
showed oil production of less than 3 % of OIIP while core A2 and A4 showed a 
significant amount of oil recovery of 9.1 and 5.7 % of OIIP. These two cores with 
highest recovery responded early to the polymer slug injection by starting oil 
production after injecting around 0.5 and 0.4 PV of polymer slug into core A2 and A4 
respectively. 
 
Fig. 9.19: Oil recovery of low salinity polymer slug injection. 
 
The effect of polymer solution in improving oil recovery is mainly due to increasing 
the viscosity of the injected brine which lead to improve the volumetric sweep 
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increase in capillary number,    , too and therefore gives lower residual oil,    , as 
described by equation 4.5. However , the reduction is small since it takes a major 
change of    (order of magnitudes) in order to affect the     significantly [1]. 
The recovery performance of the cores does not show the effect of wettability on the 
performance of the polymer slug injection. The highest recovery obtained from 
strongly water-wet core which is core A2 and in the other hand the lowest recovery 
obtained was from the other strongly water wet core A1. In addition the aged cores 
have a much lower residual oil before the low salinity polymer slug injection 
compared to the unaged cores, see table 9.10. Thus the responses to the polymer slug 
injection might differ from the cores. 
 
 
9.6.2  Pressure Profiles: 
The pressure profile of low salinity polymer slug injection done in the all cores is 
plotted with the oil production profile in figures 9.20 - 9.25. The pressure across the 
cores increased during the polymer slug injection as a response of increasing the 
viscosity of the injected brine. Then during the low salinity brine injection followed 
the polymer injection the pressure profile in all cores declined and leveled off. All the 
cores started producing oil during the polymer slug injection and continued producing 
during low salinity flooding until the oil production was ceased.  
 
 
 
Fig. 9.20: Pressure and production profiles of LS-P flooding in core A1. 
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Fig. 9.21: Pressure and production profiles of LS-P flooding in core A2. 
 
 
 
 
Fig. 9.22: Pressure and production profiles of LS-P flooding in core A3. 
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Fig. 9.23 : Pressure and production profiles of LS-P flooding in core A4. 
 
 
 
 
Fig. 9.24 : Pressure and production profiles of LS-P flooding in core A5. 
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Fig. 9.25 : Pressure and production profiles of LS-P flooding in core A6. 
 
 
9.7  Capillary Number, Nc : 
The capillary number, Nc , which is the ratio between the viscous force and capillary 
force is calculated for both surfactant and polymer slugs injected in this study and is 
shown in table 9.11. As it is listed in the table, the surfactant gave a capillary number 
in order of 10
-5
 while the polymer solutions gave a capillary number in order of 10
-4
.  
 
Table 9.11 : Calculated capillary number (Nc) for surfactant and polymer injection. 
Core ID A1 A2 A3 A4 A5 A6 
Nc   of 
Surfactant  
6.010-5 6.010-5 6.010-5 5.910-5 6.010-5 6.010-5 
Nc   of    
300 ppm 
Polymer  
2.710-4 2.610-4 2.610-4 2.610-4 2.610-4 2.610-4 
Nc   of    
600 ppm 
Polymer  
5.910-4 5.710-4 5.910-4 5.910-4 5.810-4 5.910-4 
 
After secondary waterflooding, the capillary force is responsible for trapping oil in the 
porous media. Many studies have shown that the residual oil saturation is related to 
the capillary number and in order to achieve low, Sor, after water-flood, a  high 
capillary number, Nc, is required [22,23,56].  
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The surfactant leads to reduce the interfacial tension between oil and water therefore 
increasing the capillary number, see equation 4.5. While the polymer increases the 
capillary number by increasing the viscosity of the injected brine. In this study as 
have been shown in the previous sections, the surfactant and polymer slugs injected 
have mobilized and produced oil from the cores which resulted in lower residual oil.  
In the calculation of capillary number for polymer injection in this study, the 
interfacial tension between oil and injected brine is assumed to be constant after the 
surfactant slug injected. Therefore the capillary number of polymer injection is higher 
than the surfactant injection because of higher polymer viscosity. 
 
 
9.8  Summary and Discussion: 
In this study, it was expected that lowering the salinity of the injected brine could lead 
to increase oil recovery from Berea sandstone cores. This improved oil recovery by 
low salinity waterflooding requires necessary conditions which are significant clay 
fraction, initial formation water contains divalent cations, crude oil contains polar 
components, and exposure of the rock to crude oil to create mixed-wet conditions. 
The experiments conducted on the two cores that were not subjected to aging period 
showed no dependence of oil recovery on the salinity of the injected brine either in 
secondary or tertiary mode. The recovery factor of secondary synthetic sea water 
flooding and low salinity water-flooding were 56.3% and 55.2% respectively. The 
tertiary low salinity waterflooding did not show any increase in the oil recovery in the 
unaged core. 
While the secondary low salinity waterflooding in the aged cores gave a recovery 
factor in the range of 67.8 – 76.3  2% which is higher than the unaged cores. This 
highlights the importance of initial wettability state of the core to observe the effect of 
low salinity waterflooding. 
The injection of surfactant was believed to mobilize the trapped oil after 
waterflooding by significantly reducing the interfacial tension. However the amount 
of the mobilized oil will depend on the size of the surfactant slug injected at same 
surfactant concentration. The tertiary low salinity surfactant and polymer slugs 
injection done on the aged cores showed additional oil produced and the oil recovery 
increased with increasing the surfactant slug size injected. The sizes of surfactant 
slugs were 0.3, 0.5, 1, and 2 PV and the recovery increased from 6.2 % to 65.0 % of 
residual oil after secondary flooding. The determination of the optimum surfactant 
slug size requires injection of larger than 2 PV of surfactant with same concentration 
to observe the recovery performance. The comparison between aged and unaged cores 
flooded with same surfactant and polymer slugs size showed that the wettability of the 
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cores affects the performance of slugs injection in the recovery of trapped oil. The 
unaged cores A1 and A2 gave a tertiary recovery of 17.0 and 10.0 % of residual oil 
respectively while the aged core A5 which flooded with same slugs size gave 52.6 % 
of residual oil. 
Garnes et al. [72] have plotted the capillary distribution curve (CDC) for the Berea 
sandstone core which has a wettability in the range of mixed-wet to weakly water-
wet. They found that Berea sandstone has a critical capillary number in the range of 
410-6. In this study, the tertiary slugs injection has achieved a capillary number of 
2.610-4 which lowered the residual oil saturation as listed in table 9.12. Figure 9.26 
shows a comparison of the obtained results with the CDC measured by the work of 
Garnes et al. 
Based on the CDC of Berea sandstone, the achieved capillary number in this study 
should reduce the residual oil saturation and give a value of Sor-Ls-S-P / Sor-LS in the 
range of 0.47. However in this study the decrease in the residual oil saturation is 
highly dependent on the size of the surfactant slug injected at constant surfactant 
concnetration. The cores A3 and A4 which flooded by 0.3 and 0.5 PV of surfactant 
respectively show a significant deviation from the curve. This indicates that more 
surfactant is needed to be injected in order to satisfy surfactant retention and achieve 
lower residual oil saturation. Cores A5 and A6 which flooded by 1 and 2 PV of 
surfactant respectively gave a reasonable reduction in the residual oil saturation which 
are consistent with the CDC curve. However injection of 2 PV of surfactant resulted 
in higher tertiary recovery. 
Although the unaged cores A1 and A2 have a high residual oil saturation after 
waterflooding, the tertiary slugs injection did not show a significant reduction in the 
residual oil saturation. The unaged cores have a strongly water-wet state and this 
indicates that the wettability affects the performance of tertiary recovery.  
 
Table 9.12: Parameters of tertiary slugs injection in the cores 
Core ID A1 A2 A3 A4 A5 A6 
Sor-LS [%PV] 34.8 35.6 20.5 21.6 25.3 28.5 
Surfactant slug 
size injected [PV] 
1 1 0.3 0.5 1 2 
Polymer slug size 
injected [PV] 
1 1 0.5 1 1 1 
Sor-LS-S-P [%PV] 29.6 32.5 19.3 16.2 12.0 6.5 
Sor-Ls-S-P / Sor-LS 0.85 0.91 0.94 0.75 0.47 0.35 
Nc   of LS-S-P 2.710
-4
 2.610-4 2.610-4 2.610-4 2.610-4 2.610-4 
* Unaged core 
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Fig. 9.26 : Capillary distribution curve of Berea sandstone [72]. 
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10. Conclusions:  
 
Core flooding experiments were carried out in six Berea sandstone cores to 
investigate the effect and different aspects of low salinity waterflooding followed by 
combined low salinity surfactant and polymer slugs injection. 
Two cores out of the six were not been aged and were tested for effect of reducing 
salinity of injected brine in both secondary and tertiary mode. The two cores did not 
show any increase in oil recovery by low salinity waterflooding compared to high 
salinity water in both secondary and tertiary mode. The unaged cores showed a 
strongly water-wet behavior. 
The other four cores were aged with crude oil and flooded by low salinity brine which 
is 3000 ppm NaCl brine as a secondary mode. The aging period altered wettability of 
the cores to less water-wet state which was confirmed by reduction in the oil 
permeability after aging. The oil recovery from these aged cores was higher than that 
of the unaged cores which indicates the effect of initial wettability state on 
performance of low salinity waterflooding. This confirms that the rock should be 
exposed to crude oil to create mixed-wet conditions in order to observe an effect of 
low salinity waterflooding. Fines particles were not been observed in the effluent 
during the coreflooding experiments and the pressure profiles were stable and 
increased only as a response of rising the flow rate. 
In general, the results of tertiary low salinity surfactant and polymer slugs injection in 
all six cores showed that the slug injection has mobilized and produced different 
amount of oil from the cores. The aged cores were flooded with different surfactant 
slug size and the oil recovery increased with increasing the size of the surfactant slug 
injected at constant surfactant concentration.   
The capillary number achieved by tertiary slugs injection was high enough to 
mobilize a significant amount of residual oil after waterflooding. However the 
reduction in the residual oil was highly dependent on the surfactant slug size injected. 
The injection of 0.3 and 0.5 PV of surfactant did not reduce the residual oil saturation 
as expected by the CDC of Berea sandstone which indicates that more surfactant 
should be injected to satisfy retention and achieve low residual saturation. The 
injection of 1 PV and 2 PV of surfactant gave increasing change in residual oil 
saturation with capillary number. The optimization of surfactant slug size requires 
injection of larger 2 PV of surfactant with same concentration to observe the recovery 
performance. 
The comparison between aged and unaged cores flooded with same surfactant and 
polymer slugs size showed that the wettability of the cores affects the performance of 
slugs injection in the recovery of trapped oil. The unaged cores A1 and A2 gave a 
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tertiary recovery of 17.0 and 10.0 % of residual oil respectively while the aged core 
A5 which flooded with same slug size gave 52.6 % of residual oil. 
The low salinity polymer slug injection performed at the end with higher 
concentration resulted in producing additional oil from the cores. However the 
performance of this injection varied because of different residual oil obtained after 
tertiary low salinity surfactant and polymer slugs injection. 
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11. Further work: 
 
The understanding of aspects behind the effect of low salinity waterflooding in 
increasing the oil recovery requires an extensive researches to determine the different 
variables that contribute to the performance of the process. 
The determination of initial wettability state and the changes in the wettability of the 
cores during the low salinity water flooding using quantitative methods such as 
Amott-Harvey and USBM will help to describe the improvements in the recovery. 
The effect of reducing salinity of the injected brine should be investigated in aged 
cores where the initial wettability of the cores reflects the reservoir wettability and the 
experiments should be performed in both secondary and tertiary mode.  
Effluent analysis should be carried out to give a better understanding on how the low 
salinity waterflooding works and the mechanisms behind it that lead to improve oil 
recovery. These analysis are effluent pH and the concentration of the cations presents 
in the effluent compared to the injected brine. 
The surfactant solution should be made with different concentrations and tested for 
interfacial tension measurements to obtain the optimum concentration that give low 
IFT with less amount of surfactant used. 
The optimization of the surfactant slug size that gives high oil recovery requires more 
experiments with larger slug size at same surfactant concentration to determine the 
optimum slug in term of oil recovery. The analysis of the effluent from the tertiary 
low salinity slugs injection will help to identify the factors that affects the 
performance of the surfactant injection such as retention. 
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Appendix A: 
 
 
Table A.1 : Drainage data of cores A1 and A2 
Core ID 
Volume of Marcol 
152 Injected [PV] 
Volume of produced 
water [ml] 
Swi [%] Soi [%] 
A1 15 12.60  0.01 19.5  0.1 80.8  0.1 
A2 18 13.10  0.01 18.9  0.1 81.1  0.1 
 
 
Table A.2 : Drainage data of core A3 
Rate 
[ml/min] 
Volume of Marcol 
152 Injected [PV] 
Volume of produced 
water [ml] 
Swi [%] Soi [%] 
0.1 2 10.30  0.01 38.0  0.1 62.0  0.1 
0.5 2 11.80  0.01 28.9  0.1 71.1  0.1 
1 4 12.40  0.01 25.3  0.1 74.7  0.1 
1.5 3 12.70  0.01 23.5  0.1 76.5  0.1 
2 3.5 12.80  0.01 22.9  0.1 77.1  0.1 
 
 
Table A.3 : Drainage data of core A4. 
Rate 
[ml/min] 
Volume of Marcol 
152 Injected [PV] 
Volume of produced 
water [ml] 
Swi [%] Soi [%] 
0.1 2 10.36  0.01 36.7  0.1 63.3  0.1 
0.5 1.5 11.36  0.01 30.6  0.1 69.4  0.1 
1 4 12.36  0.01 24.5  0.1 75.5  0.1 
1.5 3 12.66  0.01 22.7  0.1 77.3  0.1 
2 4 12.76  0.01 22.1  0.1 77.9  0.1 
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Table A.4 : Drainage data of core A5. 
Rate 
[ml/min] 
Volume of Marcol 
152 Injected [PV] 
Volume of produced 
water [ml] 
Swi [%] Soi [%] 
0.1 2 10.30  0.01 36.8  0.1 63.2  0.1 
0.5 2 11.30  0.01 30.6  0.1 69.4  0.1 
1 2 11.80  0.01 27.5  0.1 72.5  0.1 
1.5 4 12.50  0.01 23.2  0.1 76.8  0.1 
2 3 12.80  0.01 21.4  0.1 78.6  0.1 
 
 
Table A.5 : Drainage data of core A6 
Rate 
[ml/min] 
Volume of Marcol 
152 Injected [PV] 
Volume of produced 
water [ml] 
Swi [%] Soi [%] 
0.1 2 10.55  0.01 35.6  0.1 64.4  0.1 
0.5 2 11.55  0.01 29.5  0.1 70.5  0.1 
1 3.5 12.05  0.01 26.5  0.1 73.5  0.1 
1.5 2.5 12.35  0.01 24.6  0.1 75.4  0.1 
2 5 12.75  0.01 22.2  0.1 77.8  0.1 
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Appendix B : 
 
 
Table B.1: Density measurements of fluids with uncertainty of  0.0001. 
Fluid Density [ g/ml ] 
Temperature [C] 21 23 25 
Synthetic sea water 1.0427 1.0247 1.0206 
Low salinity water 0.9988 0.9987 0.9984 
North Sea Crude oil 0.9137 0.8993 0.8982 
Diluted crude oil [ 40% octane] 0.8227 0.8115 0.8084 
XOF 25s Surfactant solution - 0.9987 - 
XOF 26s Surfactant solution - 0.9961 - 
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Appendix C : 
 
 
Table C.1: Viscosity measurements of brines and oils. 
Fluid 
Viscosity [mPa.s] at different temperatures 
20 C 22 C 24 C 26 C 
Marcol 152  
Oil 
87.23  4.36 78.72  3.94 70.92  3.55 64.31  3.22 
North Sea crude 
oil 
38.72  1.94 35.14  1.76 32.05  1.60 29.35  1.47 
Diluted crude 
oil* 
2.86  0.14 2.74  0.14 2.62  0.13 2.52  0.13 
Synthetic sea 
water 
1.01  0.05 0.96  0.05 0.93  0.05 0.90  0.05 
3000 ppm NaCl 
brine 
1.00  0.05 0.95  0.05 0.90  0.05 0.86  0.04 
* Made of 40 wt% of Octane and 60 wt% of North Sea crude oil 
 
 
 
 
Fig.C.1: Viscosity of Marcol 152 measured at different temperature. 
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Fig.C.2 : Viscosity of North Sea crude oil measured at different temperature. 
 
 
 
 
 
Fig.C.3 : Viscosity of diluted crude oil measured at different temperature. 
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Fig.C.4 : Viscosity synthetic sea water  measured at different temperature. 
 
 
 
 
 
Fig.C.5 : Viscosity of 3000 ppm NaCl brine measured at different temperature. 
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Fig.C.6 : Viscosity measurement of 100 ppm polymer solution.  
 
 
 
 
 
Fig.C.7 : Viscosity measurement of 300 ppm polymer solution. 
 
 
0
10
20
30
40
50
60
0.01 0.1 1 10 100 1000
V
is
co
si
ty
 (m
P
a.
s)
Shear rate (1/s)
Viscosity of 100 ppm polymer solution
set 1
set 2
0
10
20
30
40
50
60
70
80
90
0.1 1 10 100 1000
V
is
co
si
ty
 (m
P
a.
s)
Shear rate (1/s)
Viscosity of 300 ppm polymer solution
set 1
set 2
105 
 
 
 
 
Fig. C.8 : Viscosity measurement of 600 ppm polymer solution. 
 
 
 
 
 
Fig.C.9 : Viscosity measurement of 1000 ppm polymer solution. 
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Fig.C.10 : Viscosity measurement of stock polymer solution. 
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Appendix D : 
 
 
Fig.D.1: IFT measurements of fresh sample of XOF 25s surfactant with diluted crude 
oil. 
 
 
Fig.D.2 : IFT measurements of fresh sample of XOF 25s surfactant with diluted crude 
oil. 
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Appendix E : 
 
 
Table E.1 : Measured diameters and lengths of the cores 
Core ID 
Diameter 
[cm] 
Average 
Diameter [cm] 
Length [cm] 
Average Length 
[cm] 
A1 
3.79 
3.79  0.01 
6.29 
6.29  0.01 
3.79 
3.80 
6.29 
3.79 
A2 
3.79 
3.80  0.01 
6.47 
6.48  0.01 
3.80 
3.80 
6.48 
3.80 
A3 
3.81 
3.81  0.01 
6.40 
6.40  0.01 
3.82 
3.81 
6.39 
3.82 
A4 
3.81 
3.82  0.01 
6.30 
6.30  0.01 
3.82 
3.82 
6.29 
3.83 
A5 
3.81 
3.81  0.01 
6.34 
6.33  0.01 
3.81 
3.81 
6.32 
3.81 
A6 
3.81 
3.81  0.01 
6.34 
6.34  0.01 
3.81 
3.81 
6.34 
3.81 
 
 
 
 
 
 
 
 
 
